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Introduction

By filing this Final Action Plan, PGE takes the final step in requesting acknowledgement
of our 2002 Integrated Resource Plan (IRP), which we filed in August of that year, and
updated in our Supplement, filed in February 2003.

In our Supplement,  we indicated that we would issue a request for proposals (RFP) for
energy and capacity and use the results to help identify the specific resource actions we
prefer to meet our resource targets.  We asked that the Commission acknowledge our IRP
in two steps.  First, we requested acknowledgement of our Updated Action Plan, which
the Commission granted in Order 03-461, dated August 1, 2003.

Next, we proposed to further update our Updated Action Plan based on the results of the
RFP, further development of the Port Westward site, and informal work in the
marketplace.  The results of these updates are incorporated in the Final Action Plan
described in this document.

Topics covered in this chapter include:

 Context for PGE’s Final Action Plan
 PGE’s Goals
 Resource Planning and Ratemaking
 Acknowledgment Process
 Communicating Resource Planning Updates
 Organization of this Document
 Significant Revisions to the Proposed Action Plan

Context for PGE’s Final Action Plan
The integrated resource planning process in which Portland General Electric is presenting
this Final Action Plan has probably spanned one of the longest periods since Oregon
began resource planning in the late 1980s.  We began the current planning effort in Fall
2000, with a “Resource Plan,” required by OAR 860-38-0080, suggesting a disposition of
our resources to enable direct access.  Events soon began to overtake this initial plan,
including those listed below:

 Rolling blackouts in California in the winter of 2000-01.
 Record high prices for all tenor of purchased power, from hour-ahead to future

multiple-year term deals in the winter and spring of 2001.
 Oregon HB 3633, enacted in 2001, which changed the premise of the state’s

restructuring by requiring that utilities offer all customers a “cost of service rate”
until such time as the Commission made certain findings, which could not occur
before summer 2003, and delayed the start of direct access to March 2002.

 Federally-imposed Western Electricity Coordinating Council (WECC)-wide price
caps in June 2001.

 PGE’s single largest price increase took effect on October 1, 2001.  However, the
overall percentage increase in our residential rates since 1980 has almost exactly
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matched that of the consumer price index, meaning that, in 2004, real residential rates
are almost identical to those of 1980.

 The dramatic drop in wholesale gas and electricity prices in Fall 2001.
 Load loss across the Northwest and in California, caused primarily by unusually poor

economic conditions and aided by significant energy price increases.
 Struggles of retail providers of natural gas and electricity with the wholesale price

increases of the previous 12 months.
 Some acceptance by PGE customers of market-based price options in 2002 and 2003.

Accounts totaling 32 MWa have applied for the shopping credit, and have enrolled
with Electricity Service Suppliers (ESSs) for 2004.

 Weak 10 MWa customer response to the opportunity to de-link from PGE’s
resources for at least five years.

 A retreat from direct access programs in California, Nevada, Arizona, and New
Mexico; no movement toward direct access in Idaho or Washington, although
Washington has a limited program for a handful of Puget Sound Energy customers.

 A severe contraction in the number of natural gas and electricity marketers, with
many firms closing their trading floors altogether and a consequent constriction in the
liquidity of gas and particularly electric markets.

 The initiation in California, Arizona, Nevada, Idaho, Washington, and Utah of new
traditional rate-based utility generation.

These events make resource planning a challenge.  It is unclear whether public policy in
the West will settle on a gradual movement to full electric wholesale and retail
competition, or embrace a model of vertical integration in which short-term purchases
and sales play only a balancing role.

Meanwhile, the current physical electric system is dynamic.  In the Northwest, we have a
relatively young thermal system.  Because of the pace of development and early reliance
on hydro resources, our fleet of thermal generation dates largely from the 1970s and
1980s.  We will not begin to retire these plants for another 20 years, which provides us
with little comfort now.  Those years will pass all too quickly and, without adequate
planning, may subject the region to a building program on the scale of the 1970s.
Finally, few expect declining loads in the Northwest to be a permanent condition.

Over the next few years, the region must begin making resource decisions, whether or not
public policy is clear.  PGE’s situation is even more urgent.  For economic reasons, we
retired Trojan, one of our largest thermal resources, in 1993.  As a result, in this Plan we
have a resource gap as we start the process of meeting load growth and acquiring
resources to replace those that will retire.  We must choose the best resource mix for the
near and not-so-near future, and it is in this context that we present our Final Action Plan.

PGE’s Goals
We prepared the Final Action Plan with three goals in mind and urge the Commission to
consider them in evaluating our IRP.  The Final Action Plan should have a good chance
of moving us closer to the results we want to achieve.  The individual actions are not ends
in and of themselves, but are means to an end, which should be the nature of electric
service that Oregon’s business and residential customers want.



Introduction

3

The three goals that guide us are:

 Providing our customers a reliable supply of electricity.
 Achieving relatively stable and predictable electric prices over time.
 Acquiring cost effective resources using processes and analyses consistent with the

principles of least-cost planning.

These goals are consistent with the least-cost principles articulated in Commission Order
89-507 and are appropriate given the events that have transpired over the past few years.
Each goal deserves further explanation.

Reliability has several facets.  One is physical:  Is power available for delivery and can
PGE deliver it over our physical system under all circumstances except extreme acts of
nature?  Another, and perhaps more important, perspective on reliability is from our
customers, and is so deeply embedded in their perspective, and ours, that we often
overlook it:  “Is this power available for delivery and delivered when I want it in the
amounts I want without my having to provide notice or commitment to my utility
regarding my consumption?”

This fundamental view of reliability is the powerful value proposition that underlies
virtually all electric service in the United States today.  Other countries provide
electricity under physical demand limitations.  Some provide electricity when and if they
can, with no notice to customers.  We built this industry to provide electricity all of the
time, charging individual customers according to what they actually use and requiring no
reservations.  This is electricity as an infrastructure service that is a right, rather than as a
commodity.  While individual customers may view electricity, and evaluate reliability,
within the latter context, only government can enforce a widespread change in public and
customer expectation.

Our goal of reliability relies on the current value proposition of electricity as
infrastructure that is a right.  Moreover, we include in the concept of reliability the even
higher needs for physical reliability that some of our business customers require because
of the sensitivity of their manufacturing processes or critical information services.  For
some customers, such as Intel, it is no longer a matter of whether electricity is available
in a given day or hour but whether we provide exactly the right amount of electricity
every fraction of a second.  Because these customers play such a critical role in our service
territory’s economy, we consider it vital that we plan to meet their reliability needs.

Stability and predictability of price also have several facets and span near- and mid-term
periods.  We can efficiently convey these concepts by listing the questions our customers,
and their representatives, should be able to answer if we have achieved price stability and
predictability:

 What is the long-term price trend for electricity service?
 What are the primary factors behind near-term changes and those that will drive the

long-term trend?
 When will my prices change, and will I have ample notice?
 Will each individual price change be small and proportionate to the long-term

change?
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Stability and predictability provide a good environment for personal and business
investment.  This goal also fosters confidence and trust in those responsible for providing
and overseeing the provision of electricity because it enables and requires strong
communication and effort to reach understanding.

Our goal of acquiring “least cost” resources recognizes the forward-looking nature of
decision-making.  We view least-cost planning as primarily an analytical and public
process that precedes major resource decisions, which may include adding or retiring
resources.  As defined by the Commission in 1989, least-cost planning is a systematic
assessment of the options, including demand-side options, the risks of each, and the
uncertainties in the environment.  “Least cost” from the customer perspective frees us all to
look at more than just rates and to consider that demand-side measures could lower bills,
even while raising rates, and produce a lower overall cost than supply-side actions alone.

We do not view least cost as a on-going measure of success, because this would require
the impossible task of constructing the right comparison.  Is the comparison daily index
prices?  Is it a different portfolio of mid- and long-term resources?  Understanding the
effects of different choices can improve the quality of forward-looking analyses, but the
only relevant decisions are those not yet made.

When the Commission first adopted least-cost planning, the goals of the resulting electric
service were implicit.  The lack of perceived choices made explicit statement of the
desired end state unnecessary, but that is no longer the case.  Our goals of achieving
reliable supply at relatively stable and predictable prices, using the principles of least-cost
planning to acquire cost-effective resources, comprise our explicit answer to the question:
Least-cost provision of what kind of electric service?  The Commission and our
stakeholders may have other goals in mind that supplement or contradict these goals.  We
urge that the desired end state be a part of any discussion and resolution on our Final
Action Plan.  While circumstances outside of anyone’s control may interfere with, or
even prevent, reaching a desired end state, it is certain that we will never reach such a
state if we are not clear about what it is.

Resource Planning and Ratemaking
With our Supplement in February 2003, we raised for the first time the ratemaking
implications of resource planning.  This discussion is necessary to achieve a customer
view of the results of resource choices.  Customers pay bills derived from consumption
and the rates utilities charge.  Rates are a direct result of ratemaking policies and
methods.  The goal of stability and predictability, in particular, is unreachable unless
ratemaking policy is on the table along with resource choices.

We explained in our Supplement that certain resource and ratemaking combinations could
adversely affect our ability to absorb risk and, thus, our ability to provide price stability.
Some combinations could also raise our cost of capital.  These results are avoidable with
changes to ratemaking, but we did not want the decision on resources made without due
recognition of the need for such changes.

This Final Action Plan requires only evolutionary, incremental ratemaking changes, not
sweeping revisions to current policy and methodology.  Our assumptions regarding
ratemaking for this Plan are listed below:
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 PGE will continue to forecast net variable power costs annually, updating fuel and
purchased power, and seek a permanent method for improving ratemaking for hydro-
electric resources.

 We will prepare resource rate plans for the mid- and long-term contracts that propose
alternatives for compensation to PGE for those risks that the Commission would like
us to manage on behalf of customers.

 If we develop Port Westward, the Commission will allow inclusion of its prudent
costs in rate base, and set rates for the plant on a cost, rather than a market, basis.  We
will evaluate a resource rate plan for Port Westward.

Acknowledgement Process
On February 13, 2004, parties agreed to the following acknowledgement schedule, which
enables the Commission to reach a decision on acknowledgement in the second quarter of
2004.1

Table 1. Acknowledgement Schedule

February 6 Request for Waiver of OAR 860-038-0080.
March 25 Independent Observer files Supplemental Report.
March 26 PGE files Final Action Plan.

April 1 OPUC Public Meeting
April 9 Parties file final comments.
April 23 Staff issues recommendation
April 30 Parties file reply comments.
Early to mid-May Commission meeting to acknowledge 2002 Integrated Resource

Plan.
TBD RFP negotiations complete.
TBD Independent Observer files final report on RFP process as

required by Order 03-387, PGE submits summary report of
bidding outcome as required by Order 91-1383.  Both reports
submitted in UM 1080

TBD PGE files specific resource actions for rate treatment.

Communicating Resource Planning Updates
During 2004 and 2005, we intend to provide Oregon Public Utility Commission (OPUC)
Staff, participants and the Commission, if it so desires, updates on our progress in
implementing the Action Plan.  Updates would also include short-term market conditions,
status of our short-term energy and capacity acquisitions, and our ongoing strategy for
such acquisitions.  We hope to offer these updates at our proposed Quarterly Power
Supply Update meetings, and in other forums as appropriate and convenient for
participants.

                                                     
1 See ALJ’s Conference Memorandum issued February 18, 2004.
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Organization of this Document
The balance of this document leads off with our proposed resource actions, followed by
several chapters in which we discuss, in greater detail, the circumstances, processes and
analyses that have led to our proposal.  The chapters include:

 PGE’s Final Action Plan.
 PGE’s Energy and Capacity Needs.
 Update of Building Blocks and Signposts.
 Update of Our Load Resource Balance.
 Requests for Proposals – Energy, Capacity, Gas
 Update on Port Westward.
 Natural Gas Outlook and Strategy.
 Portfolio Analysis.
 Appendices.

Significant Revisions to the Proposed Action Plan
We developed our Final Action Plan by updating the Proposed Action Plan filed in
January.  In response to participant comments and changes in our business environment
we have updated our load-resource balance, set more specific resource targets and
provided more information about our proposed Port Westward generating plant.  The
most significant changes are detailed in the following table.
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Table 2.  Significant Revisions to the Proposed Action Plan

Chapter Revision
Introduction Updated the acknowledgement schedule.
PGE’s Final Action Plan Defined more specific energy and capacity

resource actions.
Discussed portfolio diversity by fuel, tenor and
type.

Update of Building Blocks and
Signposts

Addressed energy efficiency as a resource,
rather than as a load reduction.
Described the role of renewables in our energy
portfolio.
Discussed combined heat and power
resources.
Described how we are approaching demand
response.

Update of Our Load-Resource
Balance

Updated our load-resource balance,
incorporating latest load forecasts and
breaking out the Energy Trust’s energy
efficiency goals.

Requests for Proposals – Energy,
Capacity, Gas

Updated the status of post-RFP negotiations
for energy and capacity.

Update on Port Westward Specified our technology selection for the class
of turbine.

Portfolio Analysis Elaborated on tradeoffs between NPVRR and
RVI for portfolios that include Port Westward.
Analyzed three new portfolios that more
closely match our likely resource actions.
Added RVI results for all portfolios assuming
resources are replaced with spot market
purchases.
Included a gas price sensitivity study.

Appendix 1 – Load-Resource
Balance Details

Updated our table of LRB details.

Appendix 6 Provided PGE’s responses to data requests.
Appendix 7 Provided PGE’s responses to comments.
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PGE’s Final Action Plan

PGE proposes to take the resource actions described in this chapter and operate
under this general resource acquisition strategy during 2004 and 2005.  We will
complete most of the implementation in 2006 and 2007.  In 2005, we will file an
integrated resource plan to develop additional resource actions to be initiated in
2006 and 2007, and at that time will also update our long-term strategy as
needed.  Topics covered include:

 Energy and Capacity Targets
 Energy and Capacity Resource Actions
 Transmission Actions
 Natural Gas Actions
 What Planning Assumptions Did PGE Apply to Meet Our Goals?
 Balancing the Goals
 Applying These Considerations to the Action Plan
 Conclusion

Energy and Capacity Targets
We have identified a gap between PGE’s current resources and the electric
service we will supply our customers during 2007.  Table 3, below, shows a 773
MWa gap between the amount of energy our customers will use, on average,
during 2007 and the amount of energy our current resources provide.  It also
shows a gap of 1,910 MW between the amount of capacity our current resources
provide and the amount of capacity our customers require during a peak hour that
occurs, on average, once every two years.  Our capacity gap includes operating
reserves of six percent, about 235 MW, and planning reserves of 235 MW.  Our
customers’ energy and capacity needs are described in greater detail later in this
chapter, and also in “Update of Our Load-Resource Balance,” below.

The targets indicate the duration of resources we intend to acquire to fill the
gaps.  For purposes of energy, mid- and long-term refers to resources of at least
five years’ duration.  For capacity, the mid- to long-term refers to resources of at
least two years’ duration.  We propose to acquire about 790 MWa of energy, and
about 955 MW more of capacity, from mid- to long-term resources, after
accounting for the capacity value that filling the energy target will bring.

PGE’s resource target has changed slightly from the Proposed Action Plan in two
ways.  First, we have incorporated our most recent load forecast, which reduced
our need 16 MWa in 2007.

Second, various parties asked that we explicitly show the effect of energy
efficiency (EE) efforts.  Based on Energy Trust of Oregon estimates, we have
removed the estimated incremental EE already embedded within our load
forecast to show our “gross” resource needs.  This increases our calculated load
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by an estimated 35 MWa by 2007.  We then show the Energy Trust’s  estimate of
55 MWa EE savings they can achieve through 2007 as a resource action.

Appendix 5 provides two spreadsheets showing detail for the amount of energy
efficiency that we removed from our load forecast and the estimated amount of
savings that the Energy Trust will achieve, using their estimate.  The latter is now
treated as a resource action.

The following table summarizes these changes:

Table 3.  PGE’s Current Resource Needs, Gross of EE

Our calculated resource need of 760 MWa, presented in the Proposed Action
Plan, becomes 773 MWa with the updated load forecast and extension of the
Bull Run contract, and without the effect of ongoing EE activities.

Energy and Capacity Resource Actions
The following pages list our resource actions for existing, and new mid- and
long-term resources.

Existing Resources
We list, but do not ask acknowledgement, for the following actions, some of
which are underway or completed.

 Complete upgrades to our Beaver, Boardman and Faraday plants, providing
an additional 41 MWa of energy and 50 MW of capacity in 2004.  The
upgrades at Faraday and Beaver are already completed, for a total of 23
MWa.  This action item continues a program of plant upgrades which, over
recent years, has increased plant capacity by about 110 MW at our Round
Butte, Coyote Springs and Boardman plants, among others.  This program of
continuous plant improvements has effectively created a “virtual power
plant.”  For Boardman and Coyote Springs, the upgrades focused on
increased efficiency with virtually no increase in fuel consumption or
emissions.  The Round Butte upgrade uses new hydro turbine technology that
provides higher efficiency and greater capacity.

 Renew our contract with the Confederated Tribes of the Warm Springs
Reservation for the output of their share of the Pelton-Round Butte hydro
projects and the Pelton re-regulating dam, adding 63 MWa of energy and 102

Final Action Plan, 2007 Resource Need Outlook MWa MW
Resource Gap, Proposed Action Plan, 2007 760              1,890          
Remove Implicit EE in Load Forecast 35                50               
Bull Run Contract Extension (6)                 (12)             
Updated Load Forecast (16)               (18)             
  Resource Gap, Final Action Plan, 2007 773              1,910          
2008 Load Growth* 67                102             
  Target by 2008 840              2,012          
*  About 20% of this is forecast to be met by Energy Trust programs
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MW of capacity incremental to energy from January 2007 through February
2012.  Twenty-five MWa of this extension is during on-peak hours at fixed
prices – contributing to rate stability2 – and the remainder is priced at the
Mid-Columbia daily index rate.  We have completed this action.

New Mid- to Long-Term Resources
We request that the Commission acknowledge our plans to complete the
following energy resource actions.

 Build one unit of Port Westward as a cost-based resource, using G-class
turbine technology, producing about 350 MWa beginning in November
2006, if appropriate bids for the power island are received and, otherwise,
proceed using F-class technology.  Developing the plant includes
constructing a new transmission line from Port Westward to Trojan.  Costs
for this line were included in our latest cost estimates for Port Westward,
provided under protective order to OPUC Staff on March 26, 2004.  To
support the new plant, we would also acquire up to 69,000 Dth per day of
firm gas transportation to ensure reliable gas delivery by ensuring access to
existing released evergreen capacity.  This would allow us to optimize
fueling options for Port Westward while completing negotiations.
Developing Port Westward takes advantage of improvements in technology,
yielding lower expected power costs as a result of lower heat rates and lower
capital costs per installed kilowatt.

 Acquire about 65 MWa (195 MW) of wind generation, provided that we can
obtain the necessary transmission and integration services and the Energy
Trust funds permit a price within the range of other alternatives.  All wind
bids received through our RFP are also contingent upon the renewal of the
federal Production Tax Credit.  This target exceeds the 40 MWa proposed in
our initial 2002 IRP – it provides fuel diversity and makes use of the Energy
Trust funding mechanism.

 Acquire 135 MWa in fixed price power purchase agreements, for durations
of five to 10 years.  These fixed-price PPAs will contribute to rate stability
and enhance diversity in the length of resource terms.

 Acquire up to 50 MWa of baseload energy tolling in place of fixed price
PPAs if required, and 400 MW of tolling capability for peak purposes.
Arranging for the potential use of these mid-term resources also enhances the
length-of-term diversity of our portfolio.

 Rely on the Energy Trust to achieve 55 MWa of energy efficiency in our
service territory by 2007, based on the forecast provided to PGE.

 Acquire 25 MW of duct firing capability at Port Westward for peak loads and
economic dispatch.  Because it provides a medium heat-rate at a low capital
cost, duct firing is a cost-effective year-round “reserve” resource.

 Acquire seasonal exchange contracts as available and appropriate.
Conceptually, seasonal exchanges can help our resources to better match our
customers’ load shape over the year.  However, the market did not respond to
our 2003 RFP with practical alternatives.  Transmission, in particular,

                                                     
2 25 MWa on-peak is the equivalent of 14.25 MWa averaged over all hours.
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continues to be an obstacle and limits the viability of exchanges with other
regions.

 Evaluate the market potential for combined heat and power systems at
customer sites.

 Build a “virtual” peaking plant from 30 MW of dispatchable standby
generation, providing cost-effective peaking capacity while providing
customers improved reliability, and an opportunity to reduce the capital cost
of a new generator while covering maintenance and fuel costs.

 Acquire capacity through customer demand reduction programs when cost-
effective, potentially including large customer customized reductions and
real-time pricing.  We will continue to take demand-side actions as
technologies and mechanisms evolve.

Ongoing Short-Term Resources
 Acquire short-term energy supply to meet our average annual energy need

for customers that prefer service on indexed rates or short-term arrangements
with an electricity service supplier (ESS).  We currently estimate this amount
to be 125 MWa, but will adjust this target as required to accommodate future
customer decisions. Forty-nine MWa of the Confederated Tribes contract for
the Pelton Project addresses this need.

 Buy and sell to balance our energy position to meet daily, weekly and
monthly energy requirements in the forward standard and structured markets.
We will continue to use effective methods for meeting our customers’
requirements, which vary by day, week and month.

Table 4 provides a single point summary of our proposed resource actions.

Table 4.  Incremental Resource Mix, 2007

Implementing the energy resource actions listed above would nominally exceed
the energy target for 2007 in Table 3 by 17 MWa.  Because of uncertainties of

Energy Portfolio 2007 Mwa 2007 MW
Short-term Acquisitions 125              125             
Plant Upgrades 41                50               
Other Operating Changes 5                  -             
Hydro Contract Extension 14                116             
EE per the Energy Trust of Oregon 55                79               
Fixed Price PPAs 135              150             
Wind (assumes capacity value = energy) 65                65               
Port Westward "G" 350              375             
  Total Energy Actions 790              960             

Additional Capacity Actions 2007 MW
Dispatchable Standby Generation 30               
Port Westward Duct Firing 25               
Peak Tolling from Bids 400             
Fill in Short-term from the market 500             
  Total Additional Capacty Actions 955             
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loads and resources, we recommend a modestly flexible approach, rather than
precisely matching the resource actions to the calculated target.  For example, our
forecasted customer load is likely to deviate from our medium forecast.
Adequate Energy Trust funds and reauthorization of the federal production tax
credit are both necessary to support meeting the 65 MWa action for wind
resources.  There is also some uncertainty about achieving the Energy Trust’s EE
estimate by 2007.  Moreover, we will shortly receive final pricing from RFP
bidders that may alter our views on the amount of five year resource actions to
take now and the allocation of these actions between fixed price power purchase
agreements and energy tolling agreements.

As a result of these considerations, we propose to take energy resource actions
that are plus or minus 25 MWa relative to the 790 MWa total for 2007 in Table
4.  If on the minus side, this would leave us nominally 8 MWa below the target.
This result would be reasonable considering our overall objectives and our ability
to take additional actions to fill that amount if necessary.  If on the plus side, this
would leave us nominally 42 MWa over the target.  This result would also be
reasonable considering our overall objectives, the uncertainties described above
and the fact that the amount of variance is less than the load growth we anticipate
between 2007 and 2008.  We anticipate that the only changes to Table 4 due to
this approach would be a potential reduction of 25 MWa for fixed price PPAs
and a potential increase of 25 MWa or 50 MWa of gas tolling agreements.

We also plan to take the following actions, carried forward from the original
action plan found in our 2002 IRP.  We list them here for context, but do not
request formal OPUC acknowledgment.

 Large customer Real-Time Pricing.  Tariffed as an experimental pilot that we
may include as a capacity resource in future resource plans (see discussion in
“Update of Building Blocks and Signposts,” below).

 Large customer capacity reductions.  The response received through our 2003
Request for Information was limited.  (See “Requests for Proposals – Energy,
Capacity, Gas,” below, for further discussion.)

 Monitor public policy and cost information on renewable resources.
Understand and anticipate customer demand and legislative requirements for
renewable resources to position PGE to acquire more cost-effective
renewable resources.

 Monitor signposts identified here, and in the IRP and Supplement, for
significant changes, and respond accordingly.

For a discussion of portfolio diversity by fuel, tenor and type, see “Balancing the
Goals,” below.

Transmission Actions
While we are not seeking acknowledgment of the following items, we list them
for context.

 Continue to participate in discussions focused on creating the conditions for
additional transmission infrastructure investment and increased efficiency in
transmission operations.
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 Negotiate aggressively with the Bonneville Power Administration (BPA) to
support future wind development with viable transmission arrangements.

 Participate in funding BPA upgrades as appropriate.

Natural Gas Actions
Should we proceed in developing a new plant at our Port Westward site, we
propose to take the following actions to fuel the facility.  These items are
included for context; we do not request acknowledgement at this time.

 Acquire market gas storage capacity to assist in managing gas price
volatility.

 Extend the tenor of our gas purchases and layer these purchases into the
portfolio.

What Planning Assumptions Did PGE Apply to Meet Our Goals?
In the “Introduction,” above, we explain the three goals that guide us:

 Providing our customers a reliable supply of electricity.
 Achieving relatively stable and predictable electric prices over time.
 Acquiring cost-effective resources using processes and analyses consistent

with the principles of least-cost planning.

We developed specific sets of criteria for evaluating reliability, stability and
predictability of prices, and least cost.

Assuring Reliability of Power Supply
While we strive for stable rates at reasonable levels, we first must obtain reliable
supplies.  We considered adequacy and reliability of supply, and adequacy of
reserves, in evaluating the reliability of our power supply.

 Adequacy of supply relative to our customer demand.  Our planning
guideline is to balance, annually and on average, our energy supply and
demand, while accounting for the variance of demand on a month-by-month
basis.  We also assume a capacity planning standard that requires meeting the
largest amount of electricity our customers may demand based on conditions
that occur, on average, once every two years.

 Reliability of supply.  We chose proven technologies that have high
availability factors, adequate fuel supplies, and reliable transmission paths.
We continue to monitor emerging technologies, and will consider them in
future resource plans if they prove to be at least as reliable and cost-effective
as those we currently employ.

 Adequacy of reserves.  A key element of a reliable supply of electricity is an
appropriate and economic level of reserves to use in the event of losing
generating capacity.  To this end, PGE is a member of the Northwest Power
Pool Contingency Reserve Sharing Operating Agreement.  This agreement
requires that control area operators carry contingency reserves against their
generation and provides for a reciprocal right that allows members to call
upon the reserve capacity of other members in the event of a disruption in
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generation for a maximum of 60 minutes.  Beyond this time period, the
member requesting reserve capacity is responsible for remedying its own loss
of generation.  For longer-term losses of resources, such as extended plant
outages, degraded hydro conditions, non-delivery of contract resources, or
loss of transmission capability, we must consider planning reserves as we
manage the risks of finding adequate supplies in the market.  We also must
compare market costs with those of holding capacity and energy reserves, or
self-insuring as events occur.

Contributing to Stable and Predictable Prices
In acquiring or developing new resources, we considered factors that specifically
affect the stability and predictability of power supply prices.  We heard clearly
from our customers that reasonable prices for electric energy supply, and the
year-to-year stability of these prices, are important.  We identified several risks
that we must manage to achieve stable pricing:  electric and natural gas price
volatility, the availability of electric transmission and natural gas transportation,
hydro conditions, extreme weather conditions, plant performance, credit risk,
environmental legislation and regulations, and transmission congestion costs.

Indicators of “Least Cost”
While customers want stable and predictable prices, they also want them to be as
low as possible.  We considered two factors related to acquiring resources at least
cost.  First, “least cost” does not mean lowest absolute cost.  Oregon’s least-cost
planning rules require that resources be acquired at least cost, considering
variability of costs, consistent with the long-run public interest.  The Commission
explained in Order 89-507, “[t]he result of the process is the selection of that mix
of options which yields, for society over the long run, the best combination of
expected cost and variance of costs” (Order 89-507, p. 2).

We also evaluated costs on more than just a resource-by-resource basis.  We
examined the total cost of various portfolios consisting of our existing resources
plus new resources, and also the expected variability of costs over a range of
assumptions for key variables that introduce volatility and associated risk.

Balancing the Goals
It would be relatively easy to choose resources in a way that would meet only
one individual goal, but it is much more difficult to optimize resource choices to
meet all the goals.  The choice of energy resources to meet a set of sometimes
conflicting goals is analogous to selecting investments in a portfolio to balance
the overall objectives such as total return, variance of return and risk of loss.  The
key is to strike a balance among our resource choices such that we can meet our
overall goals and minimize the risks associated with these choices.

In trying to strike this balance, we selected resources that achieve reliability, can
support price stability and predictability, in some cases with additional actions,
and that, based on the best information and analysis today, will likely have lower
lifetime costs than other choices.
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Selecting for Reliability of Supply
In considering reliability, the company’s self-build option, Port Westward, stands
out.  The plant design uses proven gas-fired combined-cycle combustion turbine
(CCCT) technology and an existing company site with supporting infrastructure,
and the plant would connect directly to the company’s transmission system.

To identify other resources, we conducted an RFP for energy and capacity
products, and in response received more than 100 proposals for energy and
capacity supply from over 40 bidders.  In evaluating the bids, we used criteria
that favored proven technology, experienced developers and operators, adequate
infrastructure, credit-worthiness, secure fuel supply, and adequate transmission.
We provide more information about the RFP response under “Requests for
Proposals – Energy, Capacity, Gas,” below.

We chose an amount of capacity to meet an operating reserve margin of six
percent to meet WECC-imposed operating requirements, a figure dictated by
physics and prudent engineering practice.  To this operating reserve we add a
planning reserve margin of an additional six percent as a contingency against
extended plant outages, extended transmission outages and extremely high
demand due to extreme weather conditions.

Helping to Ensure Relatively Stable and Predictable Prices
Recognizing that one resource type or technology would expose us to numerous
risks that create price volatility, we chose a portfolio of resources that depend on
different fuels, technologies, systems, and contract durations to create diversity to
mitigate concentrations of risk.  We evaluated these resource choices, together
with our current resources, grouped as portfolios against futures exhibiting
stochastic variability in electric and gas prices, and hydro conditions.  Since
filing our Proposed Action Plan in January, we did the same for a more precise
group of resources that are likely to reflect our final resource actions.

Choosing Resources to Achieve Least Cost
We chose resources from our RFP bids that had the best overall score, 60 percent
of which was comprised of pricing.  We applied these same scoring criteria and
methodology to Port Westward, with the result that this self-build option scored
among the best alternatives rated for price.  Appendix 6 includes the scores for
Port Westward and for the bids that scored closest to our self-build option.  This
information is confidential under the Modified Protective Order 02-699.

Two units of F-class technology scored the highest overall, except for one bid
that was withdrawn last fall.  The cost estimate for one G-class unit scored better
than the cost estimate for two F-class units.  In general, Port Westward scored
higher than other bids because of the factors listed below.

 A G-class turbine converts gas more efficiently, resulting in the lowest fuel
cost per kWh of any of the CCCT gas alternatives.

 Because Port Westward is relatively near our load center, only a modest
transmission investment is required to make a direct connection to our
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system, thereby avoiding transmission congestion costs.  Overall
transmission costs, wheeling fees and line losses are lower than the
alternatives.

 The proposed plant avoids certain infrastructure costs due to the site being
adjacent to the Beaver plant, and is located next to an existing gas pipeline,
avoiding LDC gas charges.  It is also located within an Enterprise Zone,
providing for reduced property tax requirements in the early years of
operation.

 Because we would develop the plant ourselves, there would be no
counterparty credit concerns.

 PGE would have control over O&M procedures and costs.
 A plant in Oregon, while subject to a CO2 mitigation fee, would avoid the

three percent Washington State tax on fuel if we were to purchase a plant in
that state.

After scoring the RFP bids, we evaluated our trial portfolios and identified those
resources that provided the lowest net present value of costs, i.e., the least cost, and
the lowest variance of prices.  We also worked toward the “long-term public
interest” by selecting a portion of renewable resources to meet our resource needs.

The Final Action Plan from a Portfolio Perspective
Our Final Action Plan includes upgrading our existing plants, extending the
Confederated Tribes contract for the Pelton Project, energy efficiency
achievements by the Energy Trust and short-term acquisitions.  It also includes
developing a one-unit, G-class turbine at our Port Westward site, along with
acquiring those short-listed renewable and fixed price PPAs for which we
currently expect to conclude negotiations with the most favorable terms for our
customers.  Should we gain acknowledgment of the 2002 IRP and be able to
execute on the projects set forth here, the energy portion of the incremental
portfolio has the diversity characteristics shown in the following table and
figures.

Table 5.  Diversity Characteristics of Incremental Portfolio

As shown in Table 5, our Final Action Plan acquires about half of our
incremental needs from resources not owned by PGE.  We included about 50
percent fixed price resources and about 50 percent dispatchable resources.

The Fixed Price Resources component of our incremental portfolio includes 30
percent of the estimated Port Westward baseload energy, to reflect portions of the
plant costs not exposed to gas price risk.  Port Westward’s costs are neither

Owned by PGE 50%
Fixed Price Resources* 53%
Dispatchable Resources 52%
Resources within Oregon 73%
790 MWa Total
*Includes 30%  of Port Westward costs.
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completely fixed nor completely variable.  In developing Table 5, we calculated
the ratio of Port Westward’s capital and fixed O&M costs to the total levelized
costs, and applied this ratio to the plant’s baseload energy.

Figures 1 and 2, below, show our energy actions from the perspective of fuel
source and contract duration.  We also provide a small table showing other
simple diversity characteristics of the portfolio – ownership, fixed price,
dispatchability, and location concentrations.

Although Figure 1 shows that our reliance on gas is just under half of our total
needs, in actual operation our actual need is less than one-third of our entire fuel
portfolio.  That is because we dispatch plants based on spark spreads, and not
based on total capacity as reflected in this figure.  For example, Figure 1 assumes
an 80 percent capacity factor for our Beaver Plant, but we actually operate it at
capacity factors much lower than this.  Our analysis in this Plan indicates that the
plant might dispatch at a capacity factor of about 45 percent.

Hydro, renewables, coal, and energy efficiency together contribute to 37 percent
of the portfolio.  Renewables and EE alone account for 15 percent.  The coal
acquisition is from an existing plant, and so releases no new emissions.

Figure 1.  Incremental Portfolio by Fuel Type

Similarly with contract duration shown in Figure 2, just over half of our needs
come from resources with commitments over 20 years.  Another one-third comes
from a nearly equal mix of 5, 10, and 11-19 year commitments.  This allows for
future resource flexibility, without creating an overly large gap to fill in the next
five years.

Figure 2.  Incremental Portfolio by Duration
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Figure 3, below, shows PGE’s 2007 supply by fuel type assuming first that no
longer-term actions are taken as a result of this IRP, then PGE’s proposed
actions, and finally the resulting overall supply portfolio by fuel type.  While the
source of 63 MWa of the power shown here is hydro, the pricing does not expose
us to low water risk.  Also, for pricing purposes, we are not exposed to
environmental costs for coal.

Likewise, Figure 4 shows how PGE’s overall supply tenor changes as a result of
the proposed energy actions.

Both graphs are based on the theoretical availability of PGE’s thermal plants, that
is, for resource adequacy purposes only, they run except for scheduled
maintenance and an assumed forced outage.  The graphs are not intended to
reflect a forecast economic dispatch of these units, as the focus here is on
resource adequacy to supply our retail load.

In Figure 3, higher commitments to gas and renewables offset our dependence on
the short-term market.  Similarly, Figure 4 shows a higher dependence on longer-
term supply of varying terms, and a lower dependence on the short-term market.
Overall, both graphs demonstrate a commitment to diversity.

PGE Portfolio by Contract Duration
790 Mwa Total

<5 Yrs.
16%

5 Yrs.
8%

10 Yrs.
11%

11 to 20 Yrs.
13%

>20 Yrs.
52%
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Figure 3.  2004 Entire Energy Portfolio by Fuel Type

Figure 4.  2004 Entire Energy Portfolio by Duration
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Portfolio Considerations
After evaluating each potential resource, we analyzed the performance of top
scoring proposals in various combinations.  We conducted this analysis to ensure
that we have evaluated the portfolio effect of each combination, and identified
the effects of correlations between portfolio attributes, when making choices to
meet our customers’ needs.  These portfolio considerations are summarized below.

Natural gas.  Fuel and transportation prices have escalated significantly in the
past 18 months.  Industry analysis suggests that demand is outstripping current
North American supply and is forecasted to increase, particularly in the power
generation sector.  Our RFP for energy and capacity confirmed this.  About 80
percent of the bids we received were from gas-fired resources or were power
transactions backed by, or indexed to, gas. While legacy supply is being
depleted, new wells are not producing at levels needed to replace the depletion.
As a result, new exploration and production sources of natural gas are being
developed, such as liquefied natural gas (LNG), Arctic supplies, fuel switching
and industrial conservation.

For now, the technology of choice remains gas-fired CCCT plants.  Relatively
short lead times, lower capital costs, greater environmental certainty and proven
technology all make developing new plants an attractive option.  However, the
concern over escalating gas prices calls into question the industry’s potential
over-reliance on this technology.  To address this concern, we have limited our
long-term commitment to new gas-fired CCCTs to about half of our energy
resource actions.

These matters also led us to select baseload energy resources for which we
provide the gas commodity, or for which the power price is a function of
changing gas prices, to approximately 60 percent of our needs.  We chose the
five- to 10-year fixed price power purchase agreements to provide valuable time
in which to evaluate developments in natural gas supply, including the critical
development of West Coast LNG facilities, as well as other fuel types.  This
strategy also allows us to evaluate changing conditions related to developments
in renewable and coal-fired resources (see below).

We also plan to manage our exposure to natural gas price volatility and
transportation uncertainty by acquiring gas transportation and firm market
storage capacity to support the operation of our existing generation and the
proposed Port Westward plant.  Our  purchasing strategy will provide diversity in
contract duration, location and execution.

Coal.  Balancing the increased development of gas-fired plants is the industry’s
other major technology, coal-fired generation.  Coal commodity costs remain
competitive compared with natural gas, and are forecasted to be stable.
However, lead times for new plants remain relatively long, capital costs are
higher, and environmental concerns add cost exposure.  Our RFP confirmed
these lead times.  If development for a new coal plant were begun today, the
facility would be ready for commercial operation in 2009 or 2010 at the earliest
and, more likely, a year or two after that.  For a potential coal plant in the State of
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Oregon, siting acceptance and coal transportation costs would be significant
issues.  For a plant outside Oregon, transmission availability would present a
significant uncertainty.

We plan to enter into power purchase transactions with contract terms of five to
10 years, giving us time to commit to a coal-fired resource if that option proves
to be environmentally and economically viable.

Wind generation.  Among renewable resources, wind has come to the forefront.
In our RFP, wind resource bids provided almost 900 MWa of potential energy
supply, or about six percent of the total energy bids received.  The economics of
some projects are now competitive due to maturing technology, and subsidies
from the Energy Trust and the federal production tax credit.  However, the
intermittent nature of wind requires the addition of other resources to “fill in the
gaps” to deliver a stable energy output over time.  Given the relatively low
capacity factor of wind, which typically ranges from 30 to 35 percent,
transmission costs are a significant burden to wind economics.  Transmission
issues were a significant factor in virtually all wind projects proposed in our
RFP.  Our Action Plan includes the maximum amount of wind generation we
believe we can acquire at a market-competitive price.

The ultimate outcome of many of these key factors will not be known for many
years.  Therefore, we need to develop a portfolio that gives us the flexibility to
allow course corrections as these factors play out.  Providing for flexibility
implies reducing reliance on any one technology, fuel type, transaction type, or
length of commitment.  A portfolio that allows changes in resource types over a
five to 10-year period provides PGE the flexibility to adjust as the future plays out.

Applying These Considerations to the Final Action Plan
The analysis in our IRP identified a least-cost and lowest price variance portfolio
that was anchored by a gas-fired CCCT plant and supplemented by wind
resources and other power transactions, such as tolling agreements or system
purchases, plus upgrades to our existing plants.  The energy portfolio listed in our
Final Action Plan reflects this analysis, as shown by the following actions to be
completed by 2006-07.  While the following discussion repeats some details of
our energy and capacity actions listed above, it does so in the context of our
planning assumptions and analysis.

Energy
 First, we will capture about 46 MWa from our existing plants through

upgrades and elimination of operational constraints in our Sullivan hydro
license.  When combined with the fixed price portion of our renewal of our
contract with the Confederated Tribes of Warm Springs for the Pelton and
Round Butte hydro projects, this is about eight percent of our need by 2007.

 The Port Westward G-class CCCT provides about 350 MWa of baseload
energy, which meets about 45 percent of our energy need.

 Choosing among wind projects from our short list of RFP bids will provide
about 65 MWa energy, or about eight percent of our need.
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 Selecting 135 MWa of fixed price PPAs fills another 17 percent of our need.
These transactions are for five to 10 years in duration, providing for future
flexibility to choose different resources, and the fixed prices support price
stability.

 Choosing up to 50 MWa of tolling agreements provides optionality.  We
would pay a fixed reservation fee for the right, but not the obligation, to
bring natural gas to the plant to advantageously dispatch the plant.  This
could provide up to six percent of our energy need in 2007.

 Relying on the Energy Trust to acquire 55 MWa by 2007 amounts to about
seven percent of our energy requirement.

Reserving an estimated 125 MWa, or about 16 percent of our target, with terms
consistent with our customers’ choices maintains flexibility to accommodate the
movement of non-residential customers on and off of annual cost of service pricing.
This short-term target also includes that portion of the hydro construct extension that
is linked to Mid-Columbia prices.  Reserving the short-term target helps minimize
what might be excess purchases and long-term commitments to resources.

Capacity
Besides the energy actions listed above, we also propose to take the following
capacity actions.

 Our plant upgrades and operational actions will capture 50 MW of capacity
in addition to the energy gain, amounting to about 2.5 percent of our capacity
gap.

 Renewing the Tribes contract adds 116 MW of capacity above the energy
acquired, totaling about six percent of our capacity needs.

 The Energy Trust’s energy efficiency forecast would achieve 24 MW above
their energy achievements, yielding about one percent of our capacity target

 By working with customers who have large backup generators we can
acquire up to 30 MW through our dispatchable standby generation program,
at the rate of approximately 10 MW per year.  This capacity is a cost-
effective and reliable way to acquire two percent of our capacity.

 Acquiring up to 400 MW of peak tolling agreements helps cover our peak
months, supplying up to about 21 percent of our capacity needs without
incurring capacity costs during the rest of the year.

 Seasonal exchanges, while conceptually valid, are not currently available.
We were unable to execute any of the proposals received through our 2003
RFP due to transmission limitations, but will continue to seek out exchanges
as available, appropriate and attractively priced.

 We may also acquire low heat-rate tolling agreements bid into our RFP,
typically considered an energy product, if they are more cost-effective than
more traditional capacity products bid to us or available on the market.

 By reserving 500 MW, or about 26 percent of our total need, to purchase
within two years, we help ensure reliability at lowest cost by purchasing only
what is needed to meet our peak loads as we anticipate they will occur within
a fairly short-term period of time.
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Conclusion
Throughout our resource planning process, from our evaluation factors and
analysis to our selected energy and capacity actions, PGE has consistently
focused on the three goals discussed with our customers at the beginning of our
planning cycle.  By improving our plants, building a new baseload facility,
selecting proven technology and transmission paths, making appropriate
purchases from third parties, relying on energy efficiency and renewables, and
incorporating operating and planning reserves, we help ensure an electricity
supply on which our customers can rely, even during periods of low hydro,
severe weather, or plant or transmission outages.

By selecting a variety of short-, mid- and long-term commitments, and
diversifying our resources, we minimize price volatility.  Finally, by analyzing
each new resource for cost-effectiveness over the entire life of the acquisition,
and by scoring and short-listing RFP bids accordingly, we help satisfy our
customers’ requests that, besides being reliable and predictable, our prices should
also be reasonable.
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PGE’s Energy and Capacity Needs

PGE’s needs for energy and capacity are a function of forecasting the amount of
electricity our customers will use at any given moment, and the amount of electricity our
resources will produce at any given moment.

We state this in terms of “any given moment” because the laws of physics require that
load and resources match moment by moment or our service fails.  Contingency planning
is necessary because it is likely that load will differ from what we expect and, depending
on the resource type, production also is likely to vary.  We also state this as “electricity,”
without regard to the type or duration of resource we may use to provide it.  Type and
duration are matters for the Action Plan, not for assessing need.

In the following chapters of this Plan, we discuss key components, or “building blocks,”
of the amount of electricity we must provide to ensure reliable service to our customers.
These components, listed below, are discussed further in the next chapter.

 How has our load forecast changed?
 Which customers should we plan to serve, given Oregon’s direct access program?
 What contingency reserves do we need for periods of poor hydrogeneration

production, severe winter conditions, and extended plant failures?
 What are the effects on residential and small farm customers of losing physical power

provided by BPA under the Regional Power Act?

Before we launch into those discussions however, it may be useful to describe how we
distinguish between our various resource supply needs.  Topics covered in this chapter
include:

 Defining Energy and Capacity
 Types of Energy and Capacity Resources

Defining Energy and Capacity
The terms “energy” and “capacity” differentiate between the types of resource needs and
sources, and describe the characteristics of a given resource.  Energy generally refers to
the average amount of electricity a utility will need over a given period, such as a week,
month or year, while capacity is the amount of electricity a utility will need sporadically
over the year at the times when customers place the most demand on the system.

With respect to a given resource, capacity generally means that amount of electricity the
facility is capable of producing in a given hour, and energy generally means the amount of
electricity the facility will produce, on average, over a year.  Actual production is less than
the capacity because of planned and forced outages, or mechanical issues that limit
production.  For some resources, the amount of energy will also be less than the capacity
because of the availability of fuel.  This is the case with hydro and wind resources.

Generally, the most desirable energy resources are those with the lowest cost when
calculated on the assumption that the resource will run virtually all of the time it is
available.  The most desirable capacity resources are those that have the lowest cost of
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ensuring that the resource is available when needed, whether that is a reservation fee, or
the capital, operation and maintenance costs of a owned resource, while still providing
energy at a reasonable cost when load requires it.  Given the choices we have, at times
the best capacity resource will not necessarily provide energy at a reasonable cost – this
is a trade-off to achieve the lowest fixed fee.

Figure 5, below, presents PGE’s projected 2004 load duration curve.  It shows the
amount of electricity that we project our customers to require during every hour of 2004,
ranked from the highest to the lowest usage hours.  The load duration curve illustrates the
great differences in our customers’ requirements, which vary from a high of more than
3,630 MW to a low of less than 1,420 MW.

Figure 5.  Projected 2004 Load Duration Curve

Another way to look at our load variation is our projected 2004 forecast by
month, shown below in Figure 6.  This illustrates the highly seasonal nature of
our customers’ requirements, ranging from more than 2,550 MWa in December
and January to less than 2,135 MWa in May and June.  From this, one can see the
highly seasonal nature of PGE’s load.
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Figure 6.  Projected 2004 Forecast by Month

Types of Energy and Capacity Resources
Describing the types of energy and capacity resources available to PGE highlights that
the array of choices is more of a spectrum than completely distinct categories.  To be
comprehensive, the list below includes all firm resources, even of short duration.

Energy Resources
 Balance of month, day-head, and real-time contracts – Non-resource specific

contracts available online and over-the-phone.  These resources vary in size from
standard lots in increments of 25 MW to odd-lots less than or not divisible by that
amount.  Intra-month markets show good liquidity, and agreements typically use
standard terms and conditions defined by enabling or master agreements.

 Standard “trading” contracts – Non-resource-specific contracts available in
monthly, quarterly and annual durations online and over-the-phone, and generally
available in flat blocks for on- or off-peak hours.  The standard nature of the shape,
size, and contract terms allows easy trading of these among utilities, merchants and
other market participants as these entities seek to manage risk.  Some multi-year
standard contracts are available, but the market in these is not always liquid.

 Structured or custom contracts – Contracts that are negotiated, rather than traded,
based on what the seller has capability to provide and what the buyer needs to
acquire.  Custom terms, conditions and contracts are the norm, and examples include
PGE’s Mid-Columbia contracts.  Our contract with the Confederated Tribes is a
longer-term agreement.
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 Tolling contracts – Resource-specific contracts that provide the buyer the right to
generate electricity according to various fuel arrangements, including that the buyer
acquires and delivers the fuel or that the buyer pays an index price for fuel.  Today,
these agreements typically are used only for plants fueled by natural gas, although we
did receive through our RFP a biomass tolling proposal for a plant fueled by burning
wood scrap.  The seller generally commits to provide a certain availability and heat
rate, although force majeure excuses performance.  Many contracts limit damages for
non-performance to the amount of compensation paid the seller, rather than covering
the cost of replacement energy.  Gas tolling agreements are available in durations
from a few months to more than 20 years.

 Owned resources – Full or partial ownership of a specific generating resource, such
as Beaver, of which PGE owns 100 percent, and Colstrip, of which we own 20
percent, sharing the resource with five other parties.  The Northwest has a long
history of shared generating resources.

Capacity Resources
 Fixed Strike Daily Capacity – Non-resource specific contracts typically of up to two

years that give the buyer the right during specific months to schedule daily on-peak
energy in at least four-hour continuous blocks, subject to energy and demand charges.

 Exchanges – Non-resource specific contracts, for a few months up to several years,
that give the buyer the right to receive energy in exchange for returning an equal
quantity of energy within a specific period such as a day, 168 hours (one week), or a
season.  For daily products, receipt is during on-peak hours and return is during the
off-peak hours.  For 168-hour products, receipt and return must occur within the
period.  Seasonal products permit receipt in one season, such as December to
February, and return in another season, such as July to September.

 Peak Tolling – Contracts that provide the buyer the right during a given month to
schedule daily on-peak energy at a capacity charge.  As with energy tolling, the buyer
pays for the fuel and may or may not also arrange for the fuel.  Contracts may be
resource-specific or provide “virtual” tolling from a system, and range in durations of
a few months up to several years.

 Owned resources – Some owned resources, such as simple-cycle combustion turbine
(SCCT) plants, are considered to be capacity, rather than energy, resources.

In a predictable and stable world, a utility would acquire energy resources right to the
point that it becomes more economic to acquire capacity resources, but in reality this is
impossible, given the uncertainties of load, resource performance and cost.  We must
make decisions based on imperfect information, aiming for an end result and leaving
room to adjust our course to increase the likelihood of reaching the results desired.
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Update of Building Blocks and Signposts

In the 13 months since we filed our Supplement, we have continued to monitor
our business and regulatory environment.  Projections of PGE’s loads have
changed, our customers have again indicated their preferences for certain rate
structures, and we have done further analysis on hydro planning and capacity
resources.  In this chapter, we update selected building blocks and signposts
previously addressed in our IRP and Supplement.  Topics include:

 How Has Our Load Forecast Changed?
 Which Loads Are We Planning to Serve?
 What Is Our Hydro Planning Standard?
 What Is Our Planning Reserve Margin?
 What Are Our Transmission Constraints?
 How Can We Use Low Heat-Rate Tolling Resources?
 What Are Our Energy Efficiency Resources?
 Renewables in PGE’s Energy Portfolio
 The Potential for Combined Heat and Power Resources
 How is PGE Approaching Demand Response?
 How Do We Think About Uncertainty?
 What Risks Do We Manage in Our Power Supply Portfolio?
 How Do Regional Power Act Benefits Affect Residential and Small Farm

Customers?

How Has Our Load Forecast Changed?
Our energy and capacity needs depend on our expected load.  Since filing the
Supplement, we have revised our forecasts and updated our IRP modeling tools
to reflect our March 2004 short-term forecast.  Energy and capacity growth rate
forecasts have declined somewhat.  The changes, reflected in Figures 7 and 8,
below, relate primarily to our expectation that the current economic downturn
will last longer than previously expected.

Peak load is down substantially more than our energy load, indicating that our
system load factor is increasing.  We attribute much of this to increased air
conditioning load in the summer months.  This increases annual energy
consumption without affecting our peak load, which on a planning basis
continues to be in the winter.
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Figure 7.  Updated Load Forecast (January Peak)

Figures 7 and 8 assume a projected system load that includes customers on
Schedule 83 indexed rates, but excludes those on Schedule 483 five-year opt out.

Figure 8.  Updated Load Forecast (Total Energy)
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Which Loads Are We Planning to Serve?
The current status of state law places PGE in an awkward position:

 We must offer all customers a “cost of service rate” until the Commission, by
order, exempts a given class from this requirement; the Commission has not
yet done so for any class of customer.

 The Commission must ensure that the provision of direct access to some
customers does not cause the unwarranted shifting of costs to other
customers and, presumably, act to minimize the acquisition of any resources
that might be stranded when and if customers choose to get electric service
from other suppliers.

To overcome this dilemma, PGE has twice offered a voluntary program under
which business customers with larger loads can provide notice that they will rely
on non-PGE resources for at least five years and return to PGE service with at
least two year’s notice.  Load under this voluntary program is approximately 10
MWa.  We have removed this amount from our load forecast and are not
planning to serve it until we receive notice from the customers involved.

A related issue arises from the market-based rate options that PGE developed and
implemented in 2001.  These have proven more popular than direct access, with
between 54 and 168 MWa selecting something other than an annual cost of
service rate.  The following table shows the elections since 2002.

Table 6.  Historic Non-COS (MWa)

Schedule 2002 2003 2004
83 Indexed 123.7 88.1 53.7
ESS without Shopping Credit - - 61.3
ESS with Shopping Credit - - 35
99A 44.5 44.5 n/a
Totals: 168.2 132.4 150
ASchedule 99 was a daily price option for a large, non-residential customer
that expired at the end of 2003.

Customers on Schedule 583, representing approximately 35 MWa of load,
receive a shopping credit3 under Schedule 130 when served by an ESS. As
mentioned earlier, the shopping credit allowance expires at the end of 2006.
Depending on their contracts with their ESS, customers may return to any other
applicable PGE tariff.  Because it is not clear whether these customers would go
to an ESS in the absence of the shopping credit, we consider it prudent to include
this load in our long-term planning for 2007 and beyond, until we receive further

                                                     
3 The “Shopping Credit,” or Shopping Incentive Rider provided by Schedule 130, allows non-residential
customers generally with loads less than 1 MWa at a given site to receive a credit of 0.5 cents per kWh to
their bill when taking direct access service from an ESS.  The credit is limited to 10 percent of our eligible
load, and terminates December 31, 2006.
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evidence to the contrary.  The size of this load is not large enough to have a
major adverse effect on the overall results of our resource planning.

Because the current 115 MWa of index and ESS customers without the Shopping
Credit are eligible to return to an annual cost of service rate with relatively little
notice, we also should not exclude them from our planning.  We have recognized
these choices, however, in selecting the duration of our resource choices.  We
plan to acquire  an estimated 125 MWa on a short-term basis, recognizing the
desire of some customers regularly to choose between the price of electricity we
acquire in advance and the price of electricity set only quarterly or monthly in
advance, or even priced daily after-the-fact.  For customers on indexed rates, we
will generally purchase consistent with the index, e.g., daily purchases for daily
indexed customers.  If the load served on indexed rates or by ESSs grows, the
resulting reduction in our cost-of-service load can offset other forecasted load
growth.

To meet the requirements of ORS 757.607(1) that restructuring not shift costs
among customer classes, we may need to revise our tariffs to ensure that the costs
or benefits of these short-term purchases accrue only to those eligible annually to
choose between an annual cost of service rate and the various market-based options,
or those customers that do not follow their initial opt-out determinations.

What Is Our Hydro Planning Standard?
For what we call “run-of-the-river” hydro resources, capacity and energy are
about the same.  While we can increase production for a given hour by a small
amount, the ability to do this is limited by actual stream flows.

For hydro resources with storage, however, planning is more complex.  The
average energy the plant can produce is a result of precipitation and storage.
Using stored water, operators can produce nameplate capacity during any given
hour.  Using the stored water, however, is likely to affect the average energy the
plant can produce, particularly if the capacity need extends beyond an hour,
which can occur during peak needs caused by extreme cold weather.  Cold and
dry conditions exacerbate this.  At some point, the extent to which we rely on
these hydro resources for capacity affects the extent to which we can rely on
them for energy under average water conditions.

Moreover, all hydrogeneration – run-of-the-river or storage-based – faces the
constraint of precipitation.  Less than average precipitation affects the energy
available to a large number of utilities in the Northwest, directly or indirectly
through contracts including those with BPA.  Under poor water conditions, all of
these utilities will need to find resources to provide electricity required by their
customers.

While there is transmission available to bring in the needed energy from a wide
variety of sources throughout the WECC, it is likely that electricity purchased
under such conditions will come from resources that produce electricity at a
higher cost.  That is because resources producing at a lower cost will be under
long-term commitment to other retail load, and because sellers will expect buyers
to accept higher prices, given the shortage conditions.
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Under an extreme water-driven energy shortage, depending on the amount of
excess energy production capability in the region, it is possible that electricity
would not be available at any price, threatening reliability.

This is a significant planning and ratemaking issue for us, given that we currently
rely on PGE-owned and contract hydro resources, under normal water
conditions, for approximately 26 percent of our customers’ current energy needs
and 37 percent of our customers’ current capacity needs.

In the Supplement, we proposed to plan for poor hydro conditions by acquiring
additional long-term supply.  We promised to further evaluate the economics of
this proposal in this Final Action Plan.  We are now proposing to plan to average
hydro conditions, but intend to take certain resource actions in the event of tight
supplies in the region.

We evaluated the economics of holding a “long” energy position as a hedge
against low hydro conditions.  For a modest but ongoing annual fixed cost
increase, a hydro hedge could reduce replacement cost volatility by capping the
replacement cost for the lost hydro generation  At the same time, this long energy
position displaces winter peaking capacity that we otherwise would need to
acquire, thus avoiding the associated capacity charge.  Our analysis suggests that,
over time, this approach could be more economic than separately acquiring
winter peaking capacity and summer energy for poor hydro years.  Being able to
cap the cost for replacement energy also moderately reduces market price risk.4

However, planning for lower than average hydro conditions is only a partial
hedge for hydro variances.  It provides a natural hedge against price excursions,
but cannot provide protection for the large replacement cost of low-cost hydro-
generation versus the fuel cost of even a 7,000 heat rate CCCT.  The bulk of the
cost exposure cannot be hedged by maintaining a long energy position, and a
power cost adjustment is still required.

Low hydro conditions can be hedged with either a low heat rate CCCT, or with a
resource that has a higher heat rate but a lower capital cost, such as duct firing or
an SCCT.  Because the fully-allocated cost of incremental duct firing for the
assumed number of operating hours is less than the related, fully-allocated cost of a
base-load CCCT, it is more economic than acquiring additional base-load CCCT.

We cannot be certain about how a resource may subsequently compare to the
market, so another way to mitigate poor hydro is to look about 18 months ahead
at the region’s resources.  If the regional load-resource balance looks like it will
be tight, we may propose to acquire options on short-term resources ahead of the
spot market, in advance of any knowledge of what the water year may bring.  This
would provide a limited hedge in a way similar to the scenario described above.

From a planning perspective, we propose the following guidelines:

                                                     
4 Idaho Power and the Idaho Public Utilities Commission found that planning to a 70 percent hydro
standard was a cost-effective hedge against hydro conditions.
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 If it appears that the WECC energy and capacity reserves are shrinking, we
may propose to acquire, and include in the annual reset of net variable power
costs, the cost of option premiums to hedge the price risk of below average
water conditions.  On an expected cost basis over time, this approach is likely
to cost less than other options and also has a lower risk of causing price
volatility.

 We will use any CCCT duct firing capability we have available during poor
water conditions, if required, and any other time that it is economic to do so.
That means duct firing serves a dual purpose.  It can be used during low
hydrogeneration conditions and to meet winter peaks.  In either case, we
would use it when a more economic alternative is unavailable.

For ratemaking purposes, we are seeking outside of this resource planning
process a better way to reflect the variability of hydro production in the rates our
customers pay.

What Is Our Planning Reserve Margin?
In our Supplement, we proposed a six percent planning reserve margin, in
addition to our required six percent operating reserve.

Weather conditions typically drive capacity needs – heating in the winter and
cooling in the summer.  Although we calculate the reserve margin from the peak
hour, most weather-driven events will last longer.  A severe winter or summer
episode of three to four days is not uncommon.  Demand tends to grow over such
periods, peaking in the final hours as customers grow weary of the continued
cold or heat.  As a case in point, we forecasted a 1-in-2 peak of approximately
3,600 MW for 2007 but, as of this writing, have exceeded that figure for 2003-04
with a peak demand in January 2004, of 3,942 MW.

Plant outages also require replacement capacity.  Our largest single-shaft risk is
our Boardman plant, where an outage could create an immediate need for 362
MW, while still maintaining required operating reserves.  It is appropriate to have
a contingency plan for such potential weather or outage occurrences.

Theoretically, physical reliability is never in question unless the region as a
whole lacks adequate capacity and transmission constraints prevent available
supply from reaching the point of need.  Transmission constraints do affect the
WECC, however, and a significant portion of the region’s capacity is in hydro
generation, which is subject to precipitation uncertainty.  A large thermal outage
during a dry year, coupled with an extreme weather event, could threaten
physical reliability.

While the odds of physical failure to deliver electricity may be low, those of
facing high prices are not.  The California experience of 2000-01 proves this.
Poor hydro conditions in the Northwest, coupled with many long-term thermal
plant outages, resulted in high prices and rolling blackouts.  The Federal Energy
Regulatory Commission (FERC) based its proposed Standard Market Design
(SMD) requirement of a minimum capacity reserve margin on the adverse effects
of shortage on price and market behavior.  Although the future of this
requirement is in doubt, the reason remains valid.  If a significant number of
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utilities in the WECC plan to low reserve margins, the region will face price
spikes and, at the outside, physical reliability problems.

The annual “insurance” costs, i.e., the ongoing fixed costs, of maintaining this
planning reserve are in the range of $4 million for 235 MW of seasonal capacity,
to $23 million for year-around capacity.  On the other hand, the potential cost of
replacement power, if available, or the lost output in the case of a widespread
outage, could quickly overwhelm this cost.  A comparison of utility planning
reserves is provided in Appendix 2.

For all of these reasons, PGE urges the Commission to acknowledge a six percent
planning reserve margin above the required six percent operating reserve.  Our
guideline calls for us to meet more than twice this need with relatively short-term
purchases, allowing for adjustments in strategy should circumstances show it
unnecessary to carry this amount of reserves.

What Are Our Transmission Constraints?

Constraints that Affect PGE Customers
The Pacific Northwest power grid is constrained in a number of places,
particularly south- and west-bound.  The closest constraint for PGE is just north
of our service territory.  The constraint-free area is limited to the Columbia River
Gorge, west of John Day, and the Willamette Valley, south of PGE.5  Most of the
bids received through our 2003 RFP were located outside of the constraint-free
area and few came with provisions to deliver the power products directly to our
service territory on a firm basis.

We have a significant interest in the constraint north of Portland because of our
ownership of the Trojan lines.  Though these lines are within the south of Allston
cut-plane, we directly control them.  This available transmission provides a
unique benefit to PGE and our customers, in that any generation resource that can
be directly connected to these lines is assured firm delivery.  We depend heavily
on BPA for delivery of over 2,200 MW of our remote resources and hold more
than 1,100 MW of firm, point-to-point transmission to cover current purchases
from the market.  We will use some of the firm transmission for acquisitions
proposed in our Final Action Plan.  At the same time, we do not control BPA’s
delivery system and are subject to outside decision-makers on such issues as user
fees.  PGE currently pays about 10 percent of BPA’s net transmission revenue
requirements and this will increase with acquisitions proposed with our
recommended action plan.

                                                     
5 In the future, PGE is likely to experience constraints with transmission west of the John Day cutplane, but
how quickly that occurs depends on the timing and location of generation development.  This constraint
risk is reduced by new projects planned or underway along the I-5 corridor between Portland and Seattle,
but is exacerbated by new projects east of the Cascades..
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Mid-Columbia Access and the RFP Short List
The short list developed from our 2003 RFP responses included projects within
and outside the constraint-free area, based on scoring that factored transmission
costs and risks into price and non-price scoring.  Several of the short-listed
products require, or are facilitated by, PGE’s point-to-point Rocky Reach
transmission contract.  We have executed a transmission service agreement with
BPA extending service through June 1, 2005, including roll-over rights.  This
allows us to take delivery of energy at Mid-Columbia, and deliver it to our
system via our Rocky Reach transmission contract.  This improves our
economics for power purchases from the Mid-Columbia market hub.

The practical effect of the transmission constraints is the risk of future cost
premiums imposed by a constraint management system to help cover the cost of
significant transmission upgrades.  Because we typically do not know about a
curtailment in advance, we risk paying for costly replacement power.  BPA is
seeking to implement conditional firm transmission products that will squeeze
out non-firm availability.  These factors favor locating new resources close to
end-users.

Effects of Transmission and Integration Constraints on Wind
Resources
Lack of inexpensive firm transmission is a particular problem for wind
generation, because most wind sites are located east of the Cascades.  The
necessity to reserve transmission for the full capacity of a wind farm, while
typically realizing only 30 to 35 percent average energy from these sites, means
that the cost of wind transmission per MWh is about three times that for a thermal
resource in a similar location.

Bonneville has developed a wind integration service that is essential for wind
developers.  Under this plan, wind generation is delivered hourly to BPA, who
uses it to offset its other resources.  BPA returns the wind energy to PGE as a
firm resource seven days later, flattened out across two diurnal periods, peak and
off-peak hours.

If the amount of energy to be returned in any hour exceeds 50 percent of the
maximum wind generation output, the amount above 50 percent will be stored by
BPA and returned at the first opportunity during a similar on-peak or off-peak
hour when the amount of energy does not exceed 50 percent of the maximum
wind generation output.  This integration service is contingent upon using BPA's
transmission twice, first to wheel the wind energy from the wind generator to
BPA, and again seven days later to wheel the return wind energy from BPA to
PGE's service territory.

These accommodations may change after 2011, when Bonneville’s current use of
its public customers’ network transmission rights expire.  BPA intends to make
continuation of currently negotiated prices for wind integration contingent upon
the extension of their network transmission rights, and costs could increase by up
to 60 percent.  PGE is evaluating strategies to limit or mitigate the risks of this
potential price increase, should we decide to proceed with BPA’s offer.
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How Can We Use Low Heat-Rate Tolling Resources?
We have a limited number of capacity bids on our short list, and may face
challenges filling our mid- to long-term target.  Depending on the outcome of
negotiations, we also might have more than enough attractive energy bids to fill
our energy deficit.  If this occurs, we will consider filling some of the capacity
deficit with short-listed RFP energy bids.  We believe this potential strategy has
at least two advantages and one disadvantage.

The first advantage is that the economics of purchasing a low heat-rate resource
may be better than those of purchasing a high heat-rate unit.  This is also true for
long-term contracts covering essentially all of the capital costs of these resource
alternatives.  The expected variable margins of a CCCT are much higher than
those of a SCCT.  However, the capital costs of a combined-cycle unit are only
somewhat higher than those of a simple-cycle machine, potentially making
CCCTs a lower net-cost resource for customers.

Another advantage is that loads are not evenly distributed across the year.  Even
if we are in energy load-resource balance on an annual basis, in some months we
will be somewhat deficit, e.g., our monthly energy loads in December and
January are approximately 25 percent higher than in June.  Covering some
portion of our capacity deficit with low heat-rate resource alternatives would
partly alleviate our short energy position in high load months.

However, lower heat-rate resources have higher fixed costs, primarily due to
higher capital costs per installed kilowatt.  For example, if the capital costs of a
CCCT were $2.00 per kW-month higher than those of an SCCT, annual fixed
costs per 100 MW of resource would be $2.4 million more.

Even if higher variable margins available from CCCTs on average more than
cover their higher fixed costs, this will not occur every year.  In years in which
spark spreads are low, even low heat-rate units will not dispatch very often,
resulting in variable margins that are insufficient to cover fixed costs.  This could
become a bigger problem if spark spreads are low over a period of several years.

Given these considerations, it may make sense to fill some portion of our
capacity target with short-listed energy bids, while simultaneously reducing the
amount of capacity acquisitions we might otherwise undertake.  It is not possible
to know what the amount should be at this point.  This decision will be the result
of business judgement and a comparative economic analysis, including both the
fixed costs and expected variable margins, of lower heat-rate proposals versus
higher heat-rate alternatives.

PGE’s Action Plan from a Sustainability Perspective
Sustainable resources are those that do not produce emissions or require the use
of non-renewable fuels.  As CUB pointed out recently, the resource actions in
this Plan meet a substantial portion of our projected load growth through the
sustainable resources of energy efficiency and renewables.
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Our projected load growth, as shown in the previous chapter, averages about 70
MWa per year, totaling 280 MWa for the years 2004 through 2007.  As discussed
above in our “Final Action Plan” chapter, the Energy Trust estimates that it can
achieve about 15 MWa per year in our service territory, or about 20 percent of
our projected load growth.  In this Action Plan, we intend to acquire 65 MWa of
wind, which comprises another 23 percent of our projected load growth through
2007.

As a result of these actions, PGE will fill nearly 45 percent of our projected
2004-07 load growth with sustainable resources.  The following sections in this
chapter tell more about PGE’s efforts to acquire and promote energy efficiency
and renewable resources.

What Are Our Energy Efficiency Resources?
The Energy Trust estimates that about 15 MWa per year through 2011, or 20
percent of PGE’s forecasted load growth, can be acquired through programmatic
energy efficiency measures.  Our own projections are slightly lower, but we have
accepted the Energy Trust’s estimate for the purpose of this Plan, and will
continue to monitor programmatic results as we update our other resource
planning signposts.  We support the Energy Trust’s work, and we are actively
facilitating the Energy Trust’s efforts.

PGE and the Energy Trust have executed a written understanding about how we
will work together to provide customers the information, access and program
implementation needed to assure the success of the Energy Trust’s commercial,
institutional and industrial energy efficiency programs.  As recently as March 17,
the Energy Trust and PGE co-hosted an educational seminar for our large, non-
residential customers attended by more than 70 customer staff members.

The Energy Trust has contracted with Aspen Systems to manage and deliver
commercial and industrial energy efficiency measures, and PGE’s National Earth
Advantage Center subcontracts with Aspen to lend our expertise in industrial
processes, lighting and other specialties.  Working with the Energy Trust, we
offer our customers a variety of energy-efficiency measures, as shown below.

 Building Efficiency Program – Parking garage lighting, office building
chiller, variable frequency drives on roof-top units, replacing pneumatic
controls with direct digital controls, and replacing pneumatic systems with
variable frequency drives

 New Building Efficiency Program (managed and delivered by Science
Applications International Corp.) – Provides incentives for the application of
energy conservation measures beyond the requirements of the prevailing
code.  Services include energy modeling and design assistance,
commissioning oversight assistance and study grants.

 Production Efficiency Program – Free scoping walkthroughs, energy studies,
incentives for such measures as compressed air, ammonia refrigeration, dust
collection, clean room HVAC, evaporative cooling, hydraulic systems,
irrigation systems, wastewater treatment, scrap collection controls and others.
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Participating customers receive full funding for energy studies, and may select
the measures, contractors and specific equipment that best suits their needs.  The
incentive for installing energy-efficiency measures is contingent upon the work
being completed, and is made directly to the customer.  In the fourth quarter of
2003, PGE helped customers engage the Energy Trust in 41 HVAC, lighting and
industrial process projects.  Participating customers may also qualify for business
energy tax credits through the Oregon Department of Energy.

In the residential customer segment, the Energy Trust has been offering programs
for nearly one year.  Using a variety of media and customer interaction channels,
we have encouraged our customers to take advantage of these resources and
incentives.

To help ensure that our customers can access these benefits, we have been
sampling the number of referrals made to Energy Trust programs after contact
with PGE staff.  In the fourth quarter of 2003, PGE made 430 customer referrals
to the Energy Trust, and that number will exceed 1,200 for the first quarter of
2004.  These are largely telephone contacts or Web site referrals.  Because the
contact is personal, we believe these are highly motivated customers who are
likely to participate in an Energy Trust efficiency program.  Given that these
referrals are only a sample of the potential contact that occurs, it is likely that the
number of actual referrals is even higher.

To further enhance access for our residential customers to Energy Trust
efficiency programs, we have upgraded our corporate Web site so that interested
customers can conveniently connect directly to the Energy Trust’s site.  A
customer searching PGE’s Web site for the Energy Trust would have had 34
“hits” in the first quarter of 2004, compared with 25 “hits” in the previous
quarter.  Also, we have increased the number of hyperlinks from our Web site to
the Energy Trusts from 18 to 26 in the same period.  We also prominently feature
the Energy Trust on the front page of our site.

In the fourth quarter of 2003, PGE ran five separate statement-stuffer newsletters
that discussed the Energy Trust and its offerings.  In the first quarter of 2004, we
issued three separate statement stuffers with Energy Trust information.  We mail
approximately 650,000 statements per month, making this a very effective and
reproducible customer educational tool.  We also conducted more targeted
customer segment pieces during those two quarters in which we discussed
Energy Trust offerings, using the Internet and print media.  The Internet
distribution reached a targeted segment comprised of 26,000 customers.

Renewables in PGE’s Energy Portfolio
We view renewables as an increasingly important component of our long-term
strategy, and as a near- and long-term hedge against natural gas price volatility.
While the bulk of the resources we expect to acquire over the next few years is
wind based, we continue to develop and sponsor demonstration projects in
photovoltaics, biogas, fuel cells and biomass.  We have also been working with
local wastewater treatment plants to optimize the use of their digester gas.
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One indication of PGE’s ongoing commitment to renewable resources is a recent
announcement from the National Renewable Energy Laboratory (NREL), a
division of the U.S. Department of Energy, ranking us second in the nation for
renewable power purchases by customers, climbing from the number five
position a year ago.  This is a raw ranking, not adjusted for the size of the utility.
PGE’s total volume for 2003 was 22 MWa.  NREL also ranked us third in the
total number of customers registered for a green power option in that year, up
from the number four position a year earlier.  As of the end of 2003, 26,893
residential, commercial and industrial customers had chosen renewable power.
Today, 27,614 customers are enrolled.

Our retail renewable subscription programs help create demand for renewables
that help reduce technology and production costs in the long term, help increase
awareness of the benefits of renewables among our customers, and provide
customers committed to renewables with the opportunity to act individually on
their commitments.  Our retail renewables program for commercial and industrial
customers, which is not required by the OPUC, has been particularly successful.

We partnered with the Energy Trust in our 2003 RFP, and will be using customer
funds, collected through a System Benefit Charge and administered by the Trust,
to help subsidize the wind acquisitions made through the RFP.

We are in the process of capitalizing upon the success of our retail programs by
integrating them with our resource acquisitions.  Proceeds from the programs will
be invested directly in the development of new renewable resources in the
Northwest.

The sum of our current supply-side, non-hydro renewables, plus retail renewable
programs, represent 39 MWa, or approximately 1.6 percent of PGE’s 2007 load.
The addition of 65 MWa of wind, pursuant to this Action Plan, would increase
this to 4.2 percent.  We expect to continue to increase the participation and
volumes in our retail programs.

The Potential for Combined Heat and Power Resources
Combined heat and power (CHP) resources, or cogeneration, have been operating
in industrial nations for decades.  In the U.S. before World War II, many large
industrial process plants developed their own cogeneration facilities to supply
electricity and use the “waste” thermal energy for the industrial process.  This
was done because local utilities were not always reliable enough for these
industrial processes and fuel costs were relatively high.  After World War II, as
investment in utility infrastructure increased, reliability improved, and fuel costs
dropped, the incentive to build cogeneration systems in the U.S. waned.

The creation of the independent power industry created some resurgence in CHP
development.  For example, in California in the mid-to-late 1980s and early
1990s, there was a noticeable increase in CHP projects.  Typically, independent
power producers (IPPs) located projects at industrial, chemical process, or food
processing sites in order to secure a buildable site, access raw water supplies, and
utilize existing industrial wastewater facilities.  The CHP project sometimes
realized a reduction in overall site air emissions because the industrial host could



Update of Building Blocks and Signposts

41

retire old, inefficient boilers.  In return, the IPP provided steam to the industrial
host for “free” or at a deeply discounted price.  This discount was offset by the
revenue generated in California’s higher priced retail electricity market.  Today,
one industry source estimates that CHP provides about seven percent of the
electricity in the U.S.6

With the advent of larger and even more efficient combined cycle combustion
turbine plants, the incentive for doing cogeneration projects is not as great as in
the past.  Nevertheless, there can still be efficiency gains captured and with the
right financial structure, economic benefits to be shared among the steam host,
the utility, and the utility’s customers.

PGE Experience with CHP

Nationwide, CHP has been most successful in large industrial applications that
require large amounts of steam.  Typically, this has occurred in such process
industries as petroleum refining, chemicals, and pulp and paper.  Installed electric
generating capacities are greater than 25 MW, and often hundreds of megawatts,
and steam generation rates are measured in hundred of thousands of pounds of
steam per hour.  For PGE, the most likely candidates are in the pulp and paper
industry.

Over the last 15 years, PGE has made several attempts to pursue cogeneration
projects at customer sites.  In each case, we were unable to reach a project
structure that balanced risks and rewards among the steam host, PGE’s
customers, and the company.  Several key hurdles to project success were
identified and they are discussed below.

PGE currently operates our Coyote Springs 1 plant as a CHP resource, and all
such arrangements are subject to OPUC approval.  Our Coyote Springs 1 plant
sells steam to several food processing facilities that were built after the plant
went into production.  For these new processing facilities, CHP presented modest
capital savings since they did not have to develop their own boiler systems.
Several other food processors in the area that pre-date Coyote Springs 1 had
already invested capital in their steam production systems, and advised that it
was not economic for them to abandon these facilities and take steam from our
power plant.  We installed an auxiliary boiler at Coyote Springs 1 to supply
steam to hosts when our plant is down.  We also use it to serve our steam
customers when the spread between the prices of electricity and natural gas make
this an economic choice, reserving all steam produced in the plants’ primary
boilers for power production.

We also have an enabling agreement to purchase power from a CHP turbine
operated by one of our larger industrial customers, and have discussed similar
arrangements with several other non-residential customers.  We will purchase
power under this agreement when its prices are competitive.

                                                     
6 U.S. Combined Heat and Power Association, "CHP Market Studies."
http://uschpa.admgt.com/markets.htm.
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PGE is an active member of the Northwest Combined Heat and Power
Consortium, and is actively developing small-scale CHP projects.  Recent
examples include a proton exchange membrane fuel cell at a Washington County
youth facility, a microturbine at a Portland college, and a four-pack of
microturbines at a wastewater treatment facility.

Issues Related To CHP Development
CHP plants on customer sites can be treated as Qualifying Facilities, or the
output can be offered through “arms-length” contracts.  We have also negotiated
with several other industrial customers to purchase power from CHP plants that
they wish to develop on their sites, and some of these discussions continue today.
In the process, we have identified several financial and operating issues that will
need to be resolved in order to facilitate projects that are mutually beneficial for
the steam hosts, PGE’s customers and the company.

 Long-term commitment of steam host – Without a steam host, a CHP facility
reverts to being a conventional power plant with heat rates that are thousands
of points higher, making the unit potentially uneconomic to operate.  For
example, a CHP project based on an LM 6000 gas turbine at today’s gas
prices should have a total production cost of about $50 per MWh.  Without
the steam host, that cost could rise to over $60 per MWh.  In that case, PGE’s
remaining customers bear this risk.  This was one of the key issues we were
unable to successfully resolve in recent attempts to develop a cogeneration
project with one of our customers.

 Capital – For many of our industrial customers, capital is first allocated to
their core business.  Their ability to invest in cogeneration is very limited,
and their hurdle rate for power investments is quite high.  Some of these
customers do not have adequate funding capability or the necessary credit for
external financing.  Although a developer or the customer may wish for PGE
to fund these ventures, the risks associated with this would then be borne by
the rest of PGE’s customers and the company.

 Interconnection standards – To ensure grid reliability and adherence to
FERC regulations, CHP operators are subject to the same standards as any
other generator.  This could include investment in significant interconnection
facilities.

 Firmness of delivery – As “single-shaft” facilities, CHP plants have a choice
of offering any generation that is surplus to their own needs as unit-
contingent or firm delivery.  To obtain attractive prices for the electricity
generated, they must guarantee firm power, requiring them to become
scheduling coordinators, obtain a transmission contract and procure the
required ancillary services.  While we try to be as flexible as possible in this
regard, PGE is bound by FERC transmission regulations, and also must obtain
the best reliability and pricing that we can obtain for all of our customers.

 Dispatching flexibility – PGE or any utility does not control the consumption
of steam by the industrial host.  If the steam user does not have a constant
profile of consumption, then this may affect the dispatch of the generating
plant.  Contractual provisions must be in place to protect PGE customers to
additional costs and risks that might occur.
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Conclusion
CHP facilities can make customer operations more efficient and reduce the
overall emissions from a manufacturing process.  We have worked hard to help a
number of customers develop CHP capabilities, but, as discussed above, have
encountered several barriers.  Federal or state incentives, such as a CHP tax
credit or loan programs, or Energy Trust subsidies may be necessary to make
CHP projects market-competitive for our customers.

How is PGE Approaching Demand Response?
We consider demand-side activities an appropriate way to fill gaps between our
loads and resources.  Demand-side opportunities should be compared with those
available on the supply side for cost-effectiveness, reliability, dispatchability,
environmental impact and other factors to achieve the best overall results for
customers.  This is true not only for energy needs, but also for capacity gaps that
can be met with demand response.

In our initial 2002 IRP filing (p. 108), we listed residential direct load control
pilot programs for space and water heating.  To date, the results show that neither is
an economic capacity resource.  However, we continue to work with interested
parties, such as the Pacific Northwest National Laboratory and BPA, to advance
load control technologies that will ultimately make this resource cost-effective.

Besides load control programs, we offer a time-of-use pricing option to
residential customers.  Interest has been limited – about 1,900 customers are
currently enrolled – but participants seem pleased with the option.  Though not
cost-effective today, time-of-use pricing may be viable in the future, as we
continue our deployment of automated metering.

In late 2003, the OPUC tariffed our real-time pricing (RTP) pilot as an
experimental pricing option that we believe will help mitigate the need for
capacity in future resource plans.  The pilot can potentially reduce demand by
focusing on load curtailments when prices are high.  Participating non-residential
customers receive day-ahead notification of hourly price patterns, giving them the
opportunity to reduce peak loads, or to shift loads to less expensive off-peak hours.

We offer RTP under a two-part schedule.  First, we recover our costs through a
fixed customer baseline load charge that is priced using the annual cost-of-
service rates of the otherwise applicable rate schedule.  The second part of the
schedule provides a charge or credit to the customer based on deviations of actual
usage from the customer baseline load, priced at marginal cost.

We also offer large, non-residential customers contracts for load curtailments
under peak conditions.  Because these contracts require mandatory curtailments,
we consider them to be a firm resource.  Last July, we issued an RFI to our
largest customers for capacity curtailment contracts.  Interest was limited, as
discussed below in the chapter, “Requests for Proposals – Energy, Capacity,
Gas.”  However, we continue to monitor the key cost drivers and explore load
curtailment contracts as an alternative to supply-side capacity acquisitions.
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Besides curtailment contracts, we currently offer large, non-residential customers
our Demand Buy-Back (DBB) program, which can be implemented during
critical peak hours.  DBB is a voluntary program, and we do not consider it to be
a firm capacity resource.  However, it should help reduce our forecasted capacity
needs.  The program typically is triggered under 1-in-5 conditions, and has been
effective for reducing peak demand.  We plan further work to determine, for
planning purposes, the volumes of load we expect to be able to buy back under
various pricing circumstances, potentially enabling us to count such buybacks as
capacity resources.

PGE has given all customers with a demand of at least 500 kW an opportunity to
use our E-Manager service on a promotional basis through June 30, 2004.  These
customers will continue to have access to E-Manager services through our
account representatives after that date.

Supporting our demand-response programs, E-Manager provides graphs
depicting energy use, in 15-minute intervals, showing precisely how much
energy is being used by a customer facility at a given time.  By knowing when
peaks occur, customers can analyze their processes and respond accordingly.  In
one case, a customer discovered a significant load that was cycling during the
weekend, despite the fact that the facility was idle.  In other instances, this
information has helped customers know which processes they could shift to
reduce peaks, or to participate in such programs as Demand Buy-Back, Real-
Time Pricing or Contract Curtailment.  E-Manager can also be used to track the
effects of energy efficiency initiatives.

In the IRP, we also listed Dispatchable Standby Generation (DSG) as one of our
capacity resources (Appendix K, p. 179).  We are committed to developing a 30
MW “virtual peaking plant” by the winter of 2006-07.  We ultimately may be
able to develop as much as 100 MW, at a currently projected annual growth rate
of 10 MW.  To our knowledge, no other U.S. electric utility has the capability to
dispatch this level of energy from customer-owned generation from their system
control center.  Because this resource relies on the operation of diesel-fueled,
backup generators at non-residential customer sites, we are limited in the number
of hour per year that we can operate each plant.

Summary of Ongoing Demand-Response Activities
The following list summarizes our ongoing demand-response activities.

 Actively following changes in the key metrics for timing of implementation.
For example, we track capacity costs on an ongoing basis, positioning
ourselves to secure firm demand side capacity should capacity costs rise or
technology costs fall.  Should time-varying products become cost effective,
we are also poised to implement the appropriate demand response initiatives.

 Continuing, and improving upon, existing programs shown to be cost
effective in the Assessment of Demand Response Resource Potentials for
PGE and Pacific Power.7  We are actively recruiting large, non-residential

                                                     
7 Prepared by Quantec, LLC, and filed with the OPUC on January 15, 2004.



Update of Building Blocks and Signposts

45

customers to participate in our Real-Time Pricing pilot.  We currently have
12 MW on line in our Distributed Standby Generation program, have
contracts for 18 MW, and are actively pursuing an additional 10 MW.  In the
third or fourth quarter of 2004, we will review our demand-side RFQ for
large customers, based on survey responses, and reissue it as an RFP for
customized demand-response contracts for critical peak periods.

 Evaluating programs and related activities.  We currently are preparing
analyses associated with time of use pricing and critical peak pricing.  We are
also reviewing current offers to small customers.

 Tracking market activities.  We are an active participant in the Working
Group 3 (WG3) of the California Statewide Pricing Pilot (SPP) for small
customers.  Early results are expected in spring 2004, with final results by
fall 2005, some of which are applicable to PGE's customer set.  Customer
acceptance, customer reaction, and elasticity of pricing will all be studied.
Relevant learning will be applied to future resource plans.

We also participate in Working Group 2 (WG2) of the California SPP for
large customers.  The results of a voluntary critical peak pricing pilot will be
presented in the spring or summer of 2004.

PGE is hosting the national Advanced Load Control Alliance (ALCA) user
group meeting in Portland in April 2004.  This is a forum for the users of load
control technology to share information on results, costs, and best practices.

 Participating in R&D for advanced demand response technology and
continue enhancing demand response enabling infrastructure.  We plan to
examine working with the BPA and some manufacturers in the development
of appliance controllers activated at the system level by frequency and/or
voltage changes.  We also offer tools such as Energy Manager to facilitate
customer interest in demand response opportunities.

How Do We Think About Uncertainty?
One of the improvements to resource planning included in the Commission’s
adoption of a least-cost or integrated approach was the explicit consideration of
uncertainty.  The intervening 15 years have brought us a better understanding of
the uncertainty that existed even in the late 1980s, and also revealed some new
areas of uncertainty.  For example, even in 1990, the future price and availability
of natural gas was uncertain.  We did not appreciate, however, that the range of
prices could extend from $1 per MMBtu to $40 per MMBtu.  In 1990, however,
few thought about credit support for performance failure, because most suppliers
were also utilities and unlikely to go bankrupt.

Resource choices are subject to uncertainty after they are made.  No resource
choice is immune from uncertainty regarding whether the resource will perform
as we expect, and will provide the expected value, i.e., will compare favorably to
what becomes available.

Removing one uncertainty often triggers another.  For example, locking in a price
for a given power purchase removes the uncertainty about price volatility but
opens the uncertainty about value.  Choosing resources becomes an exercise in
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determining the magnitude and likelihood of competing uncertainties, and adding
that to a base comparison of the costs and benefits of the various resources
known at the time the decision was made.

Because not all resource choices have the same sets of uncertainty, diversifying
our sources can mitigate uncertainty.  Similar to an investment portfolio, resource
diversification is critical to achieving value over time, notwithstanding
uncertainty.  For example, while CCCT units based in Washington state, all
supplied by Sumas gas and delivered to the Mid-Columbia hub, might be the
lowest cost supply portfolio identified at the point of decision, the associated
uncertainty would significantly affect our ability to achieve price stability and
predictability.  The single natural gas source would increase fuel price risk.

The following list, while not exhaustive, explains the preferences we applied to
spread and mitigate uncertainty through diversification.

 Cost – Cost is a dominant driving factor for any new resource decision.
Absent offsetting factors, we will choose resource actions with the lowest
costs.  However, a resource with the lowest lifetime cost may not have the
lowest initial price effect for customers.  That is frequently the choice
between contracts versus owned assets under traditional rate base treatment.
The corollary is that rate-based resources tend to have costs lower than their
alternatives later in their life cycles.

 Size – We generally prefer resources in smaller sizes for several reasons.  If
the resources are physical plants, smaller shafts reduce the consequences of a
forced outage.  If the resources are contracts, smaller sizes spread credit risk.
Smaller sizes generally also allow for more diversity in the duration of
resources and thus, greater ability to respond to future changes.

 Existing versus proposed – Given equal heat rates, PGE may prefer a plant
that already is operating to one that still has risks associated with
development, construction, and start-up.  Existing plants require significant
due diligence, however, to identify latent issues arising from previous design,
construction and maintenance decisions.

 Ownership – Assuming equivalent cost, we prefer to own a material portion
of new generating capacity.  This allows for a greater portion of the supply
cost to be depreciation and return on equity, which benefits customers
directly by improving our financial health and leading to a lower cost of debt
and equity.  Ownership also allows us flexibility that most contracts cannot,
including the option of mothballing resources for an extended period if
uncontrollable forces create a significant regional surplus.

 In-state – Investment within the State of Oregon creates new, high-quality
jobs and provides a beneficial multiplier effect on our economy.  Projects
nearer our service territory provide a boost to the economy in our customers’
area.  Also, taxes on fuel in other states add to the variable costs of power.
All else being equal, we prefer resources within Oregon.

 Transmission firmness and proximity to load center – In general, resources
near our load center, or provided over a firm, uncongested transmission path
provide greater reliability and reduce exposure to congestion charges.  We
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prefer nearby resources to those that are more distant or have uncertain
transmission rights.

 Fuel source diversity – For plants or unit-specific contracts, we typically
prefer a project capable of receiving fuel from two or more sources.  For a
portfolio, a diversified set of resources that includes wind, coal, gas, hydro,
and system purchases best manage inherent fuel and technology risks.

 Fuel price volatility – Generally, resources with little fuel price volatility are
preferable to those with significant fuel price volatility.  Common trade-offs
to this include relatively high fixed costs and variability in fuel availability,
such as water or wind.

 Contract duration – Long-term projects lock in fixed cost commitments for a
long period of time.  Mid-term projects require rollovers and can contribute
to customer price volatility.  Mid-term transactions also allow different
resource choices when a commitment ends.  From a portfolio perspective, a
mix of different contract lengths is best.

 Dispatchability – Some resources, such as wind, are not dispatchable, or
have limited dispatchability.  Projects that can be dispatched at will are
preferred, all else being equal.  This is particularly necessary in a region with
a large proportion of hydrogeneration because of the economic benefits of
displacing thermal resources when water conditions are better than average.

 Gas versus electric indexing – While gas tolling is more volatile in price than
a fixed contract, it is considerably less volatile than a contract indexed to
Mid-Columbia or some other electric market index.  All else being equal,
fixed price contracts are preferable to minimize price volatility.

What Risks Do We Manage in Our Power Supply Portfolio?
Although most generating resources today provide capacity that is flat across the
year or within a day, electric energy demand varies dynamically from month to
month, and even from hour to hour.  Most of these fluctuations are caused by
seasonal changes in temperature and irregular customer usage patterns.
Combining variable energy needs with static generating resources means that we
must maintain in our portfolio energy resources that can vary production output
to allow for a minute-by-minute balancing of energy demand to supply.  In the
Pacific Northwest, this balancing is accomplished primarily through
hydrogeneration.

Besides seasonal and hourly requirements to balance loads and resources, we
must also be prepared to respond to unplanned changes in customer demand, loss
of generation, and changing regional market dynamics.  Unforeseen plant
outages, deviations in temperature or weather patterns, or changes in economic
conditions in the region can lead to unexpected variations in customer demand
and the availability of energy supply.  At times, without careful management,
these changes could have sudden and significant effects on reliability of supply
and wholesale energy prices.

PGE performs the continuous and integrated process of evaluating, identifying
and acquiring resources that deliver energy at the highest value – with the least
amount of risk in meeting customer loads.  Like its counterpart in investment
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management, a power supply portfolio has assets, such as generation, purchased
power, fuels, electric transmission, gas transportation.  A power supply portfolio
also has component risks, such as market price, credit default, unit outage,
weather events and fuel supply, to name a few.  Using portfolio management
methods, PGE manages overall risk by considering the dynamic and continuous
interaction of resource decisions and fundamental drivers on the value of our
power supply portfolio, and ultimately the price and reliability of power
delivered to customers.

Portfolio risk is the chance that unexpected changes in one or more of a variety
of factors may alter the value of a particular commitment or asset.  Our power
supply portfolio includes many specific component risks that we actively work to
identify and mitigate.  Each of these risks can affect our ability to reliably meet
customers power needs at the established retail tariffs.  Some of the primary
portfolio risks that we manage on behalf of customers are listed below.

 Price risk – Potential fluctuations in prices of the underlying energy
commodities.

 Credit risk – Potential adverse occurrence of a counterparty’s ability to pay
its obligations.

 Counterparty performance risk – Potential adverse occurrence of a
counterparty’s ability to perform on an agreement or obligation, such as an
agreement to deliver power.

 Volumetric risk – The risk that supply or demand volumes will vary from
forecasted quantities, resulting in a potential economic loss or gain due to
changing commodity market prices.  For example, an unforeseen extreme
cold weather event typically results in a sharp increase in the demand for
electricity and natural gas.  The likely outcome is the combination of
increased electric consumption with rapidly increasing energy prices in the
wholesale market.  This combination of higher demand and higher prices
creates an increased and unplanned obligation to acquire power in a market
where prices are rising.  The result is an economic loss if the price to
purchase electricity to cover sales is higher than the electricity sale price.

Another example of volumetric risk is varying seasonal precipitation and the
resulting fluctuations in our regional hydrogeneration.  In any given year,
actual precipitation and snow pack may be higher or lower than what we
expect and plan for in advance.  In years when precipitation falls below
average, our resulting hydrogeneration also falls short of expectations.
Because other utilities in the region also depend on hydro production, below-
normal hydro conditions force us to purchase replacement power in a market
with greater demand and higher prices.

We must buy power to meet our obligation to serve retail customers, which
means that we face an inherent portfolio risk due to the requirement that we
serve all customer loads regardless of the uncertainties of a dynamic supply-
demand environment.
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 Basis risk – The risk that the value of a futures contract or an over-the-
counter hedge will not move in parallel with that of the underlying
commodity exposure. Other forms of basis risk include product basis, arising
from mismatches in type or quality of hedge and underlying product, e.g.,
power with natural gas, and time or calendar basis, e.g., hedging an exposure
to physical deliveries in December with a January forward contract.  Basis
differentials are generally due to differences in geography, quality, delivery
infrastructure, weather, time, and options valuations.

Combining internal tools and staff expertise with continuous market participation
allows PGE to optimize the economic value of internal resources to provide
reliable power at reasonable prices to meet customer needs for any given hour.
By constantly identifying, evaluating and diffusing risk, we strive to maintain
reliability and mitigate the inherent costs of delivering energy to customers in a
world of variable demand and uncertain supply.

How Do Regional Power Act Benefits Affect Residential and Small Farm
Customers?

The Regional Power Act gave benefits from the Federal Columbia River Power
System (FCRPS) to PGE’s residential and small farm customers.  Currently,
these include monetary benefits based on 232 MWa of power, and a power
purchase of 258 MWa.  However, based on negotiations that have occurred since
we filed our Supplement, we assume that, after September 2006, BPA will no
longer provide these benefits in the form of power.

A settlement for the five-year period beginning October 2006 is possible.
Designs currently under discussion would provide our customers with benefits,
which would vary on an annual basis with (forecasted) market electric prices.
The annual benefit calculation would be the product of 560 MWa, and the
difference between the relevant BPA cost-based rate and a forward curve based
forecast of market prices.  Benefits would rise with increases in forecasted market
prices, and vice versa, providing some mitigation for market price fluctuations.
However, the settlement would impose a $25 million floor and a $76 million
ceiling on PGE’s annual benefits.

The formula for benefits in the settlement could act as a financial instrument
price hedge.  We might be able to rely on short-term purchases for our residential
and small farm customers during this period while still achieving price stability
and predictability.  However, we do not think we should pursue this strategy for a
number of reasons, discussed below.

 The settlement may not occur.
 The floor, and particularly the ceiling, limit the ability of the product to

protect customers from very high market prices.  This raises the possibility of
viewing the 560 MWa BPA product as an effective hedge, but only for an
exposure substantially less than 560 MWa.

 Thinking of the BPA product as a hedge for a lesser exposure still leaves
several problems unsolved.  For example, the complex procedure for
determining the market price forecast used in the annual benefit calculation
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takes approximately one year to complete.  Therefore, implementation of the
hedge would be hindered by mismatches in period and execution timing,
potentially introducing more, rather than less, variability into the rates of our
residential and small farm customers.

 The BPA rate used in the benefit calculation would be subject to revision if
BPA’s costs increased significantly.  This is a further source of uncertainty
for the potential BPA benefits.

For all of these reasons, we intend to treat FCRPS cash payments, if and as they
occur, as a credit to the cost of resources PGE has otherwise acquired for
residential and small farm customers.
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Update of Our Load-Resource Balance

As a result of the changes described above in “Updated Building Blocks and
Signposts,” we have updated our load-resource balance for energy and capacity.
In this chapter we reconcile these updates to the information provided in our
Supplement, and describe the resulting new projections for loads and supplies.
Topics include:

 Reconciling with the Supplement
 Energy and Capacity Requirements

Reconciling with the Supplement
Table 7, below, shows how we recalculated our load-resource balance, beginning
with information contained in our Supplement.  We now show our full capacity
needs before filling our energy needs, because this gives a more accurate
accounting of actual capacity requirements.

The most significant change in assumptions from our Supplement is that we no
longer assume that we will receive any physical power through BPA’s
Residential and Small Farm Exchange.  We also assume that less load will move
to direct access on a long-term basis.  While these assumptions increase our load
demand, other assumptions, such as a reduced load forecast and use of average
hydro to measure our resources, work in the other direction.  The following table
reconciles the energy and capacity needs identified in our Supplement to those
shown above in Table 3.

Table 7.  Reconciliation of Supplement to Final Action Plan

Energy
(MWa)

Capacity
(MW)

2007 Resource Need in Supplement 650 950
Remove capacity credit from energy actions in
Supplement

- 720

Remove assumed 2007 BPA power 140 240
Move to average hydro* (115) -
Reduce estimate of customers not served by PGE 115 120
Remove embedded estimate of energy efficiency 35 50
Add Bull Run contract extension -6 -12
Updated (reduced) load forecast (46) (158)
Updated 2007 resource need 773 1,910
Includes minor rounding.
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* We stated in our Supplement (p. 2), that moving to a critical hydro planning
standard added 125 MWa to our customer load.  This was based on PGE and
contract hydro resources as of 2003.  In moving to an average hydro standard,
we subtract only 115 MWa from our 2007 load because we lose some of the
energy acquired through our Mid-Columbia (hydro) contracts by 2007.

Energy and Capacity Requirements
Because the focus of integrated resource planning is long term, and because we
have a major energy resource contract expiring late in 2006, we prepared the
tables below based on 2007 requirements.  PGE has energy and capacity needs in
2005 and 2006 as well, most of which we will meet with short-term purchases in
a manner similar to that of the last several years.  Some of the contracts offered
under our RFP, however, will start in 2005.  We will update OPUC Staff and IRP
participants regarding our strategy for short-term energy and capacity
acquisitions and our actual actions during the quarterly meetings discussed in the
“Introduction.”

While the energy and capacity balance tables in Appendix 1 show our energy and
capacity needs in 2007, the spirit of integrated resource planning requires that we
take a long view as well.  The charts below show upcoming changes in our
current portfolio of resources.

Figure 9.  Energy Load-Resource Balance (MWa)

By 2012, our energy need is 1,250 MWa, if no longer-term energy actions are
taken in the interim.  Assuming that we fill our 773 MWa energy gap in 2007
based on the actions in this Plan, by 2012 we will have an additional energy need
of about 480 MWa.  This is due to contracts from this Action Plan expiring, loss
of other resources, and load growth.

 Energy Load Resource Balance - MWa
Load Forecast of March 2004
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Figure 10.  Capacity Load-Resource Balance (MW)

By 2012, our capacity need will be 2,750 MW if no longer-term capacity actions
are taken.  This represents an additional capacity gap of 840 MW, provided we
fill our projected 2007 capacity gap as described in this Plan.

PGE’s need to acquire new resources over the next 20 years is evident, even if
our load did not increase.  These graphs confirm that we should take action to fill
our current deficit and return to balance, so that we have a solid base from which
to address the upcoming needs caused by future contract termination, resource
retirement and load growth.
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Requests for Proposals – Energy, Capacity, Gas

Since filing our Supplement, we have completed three requests for proposals or
information from potential energy and capacity providers, and from natural gas providers.
This chapter summarizes the following activities:

 RFP for Energy and Capacity
 RFP for Natural Gas Commodity and Transportation
 RFI for Demand-Response Products
 What We Learned About the Market
 Status of Post-RFP Negotiations for Energy and Capacity

RFP for Energy and Capacity
In consultation with the OPUC and other participants in PGE’s public resource planning
process, and in accordance with OPUC Order 91-1383 (UM-316) “Competitive Bid
Order,” on June 18, PGE issued an RFP for power supply resources.  Bidding closed on
July 23, by which time we received 105 bids from 43 counterparties.  We disqualified 14
bids and one was withdrawn by the bidder.  Of the bids received, 66 were for energy
products, including 27 tolling proposals.  We received 26 bids for ownership of energy
facilities, and 13 proposals for capacity products.  After notifying bidders of our short-list
selection, two short-listed bids were withdrawn, one for energy and another for capacity.

Reviewing, Ranking and Selecting Bids
In selecting the RFP short list, PGE used a first-price, sealed-bid format as required by
the OPUC’s Competitive Bid Order.  Under this format, bidders may not update pricing
during the scoring and evaluation period.  We used the first prices provided by bidders to
select our short list of candidates, and are currently negotiating price and non-price
elements during post-RFP negotiations.  PGE requested additional information regarding
many of the proposals received.

We evaluated the bids using a two-step process.

 Assessment of Pre-Qualifications – First, we screened bids according to pre-
established qualifying criteria, i.e., minimum quantity and term, and quality of credit.

 Evaluation of Scoring Factors – Next, we scored bids that meet the pre-qualification
standards.  Overall scores were comprised of price and non-price factors.

Although we did not factor into our scoring the debt-leverage effect of contract
purchases, this continues to have a tangible influence on PGE’s credit rating.  For
example Standard & Poor’s recently stated that “PGE must purchase a large amount, 35
percent, of its energy requirements from the wholesale market, which constitutes the
utility’s principal business risk. 8  This risk is compounded by the predominance of
hydroelectric power in its supply portfolio.

                                                     
8 “Portland General Electric Placed on CreditWatch Negative After Acquisition Filing with OPUC,” S&P, March
10, 2004.
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Independent Observer
PGE is using an independent, third-party observer to validate that our scoring criteria do
not inappropriately bias the process in favor of equity investment by PGE.  The
independent observer has the following tasks:

 Evaluate the scoring criteria to confirm that they do not inappropriately bias the
process in favor of an equity investment by PGE.

 Evaluate whether scoring criteria have been applied in a fair and unbiased manner.
 At the discretion of the independent observer, observe and review the process by

which PGE evaluates and negotiates the short list proposals to confirm that the
process is not inappropriately biased in favor of an equity investment by PGE.

 Submit a written report to the Commission, in light of the above, stating whether the
process was fair and objective.

Selecting A Short List
Using the scoring process described above, PGE selected a short list that exceeded the
resource targets stated in the RFP.  Characteristics of the bids received, and the resulting
short list, are described in this section.  The results of current negotiations will help
determine our specific resource actions.

The following tables describe key characteristics of the bids we received, and the short
list selected from them.

Table 8.  Fuels for RFP Energy and Capacity Proposals

Universe of BidsA Short-list
MWa % MWa %

Natural Gas 11,238 79 665 52
Coal 452 3 90 7
Wind 884 6 112 9
Biomass 453 3 17 1
Geothermal 149 1 - 0
System, financial, otherB 1,000 7 400 31
Total: 14,176 100 1,285 100
ASome bids proposed multiple fuels, e.g., coal and wind.  Bids proposed under
different options, e.g., ownership or purchase, may be double-counted.
BIncludes two bids fueled by oil and one by petroleum coke; some “system” sales are
affected by gas prices.

Of the energy products proposed from actual facilities, only 25 percent were supplied by
existing plants, as shown below.

Table 9.  Energy by Plant Construction Status

Bid Universe Short List
MWa % MWa %

Existing 3,486 25 850 66
In Progress 2,110 15 - -
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Proposed 8,580 61 435 34
Total: 14,176 100 1,285 100

Of the 13 capacity bids we received, two did not qualify to be scored.  The remainder are
characterized in the following table.

Table 10.  Capacity Bids

No. of Bids Type of Product
3 Heat Rate Option
3 Peak Toll
2 Peak Toll – Duct Firing*
2 Seasonal Exchange
1 Virtual Toll

*Duct firing capacity options are contingent upon accepting
the associated energy bid.

Most bidders were unable to provide delivery to any of the preferred transmission points
specified in the RFP, as shown below.

Table 11.  Transmission Points of Delivery

Priority Received (%) Points of Delivery
1 5 PGE service territory
2 10 COB
3 15 NW Market/Mid-Columbia
4 5 John Day

N/A 65 Other PODs

RFP for Natural Gas Commodity and Transportation
On July 8, PGE sent an RFP to 50 potential bidders and, by our deadline of July 23, nine
responded by proposing fixed price gas and transportation products.  Also, eight bidders
provided proposals for physical or financial gas at volumes between 5,000 and 20,000
Dth per day for up to 10 year terms, but most were in the two- to five-year timeframe.  We
received bids for fixed price and index physical gas and transportation, as described below.

 One proposal for interstate gas transport, partial distance from Sumas to the Kelso-
Beaver (KB) pipeline on Williams Northwest Pipeline.

 Bids offered to supply gas from four NW markets – Sumas, West Coast Station 2,
Rockies and AECO – plus delivered gas to the Kelso-Beaver lateral.

 Offers for physical Sumas gas were limited compared to other products, e.g.,
financial gas and other, more liquid, hubs.

 Generally more robust bid response for financial gas than for physical gas.
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 Prices varied, depending on delivery point, term and whether the bid was for a
physical or a financial offer.

We used the short- and mid-term natural gas prices, coupled with long-term fundamental
prices, when imputing fuel costs to score bids received in our 2003 RFP for energy and
capacity products.

RFI for Demand-Response Products
On July 11, 2003, PGE issued a Request For Information (RFI) to larger non-residential
customers, requesting indications of interest in providing dispatchable capacity products
to meet short-term needs, and fixed-term products to fill peak hours of peak months.
Selected customers with aggregated loads of at least 1 MW received the RFI.

Seven customers showed interest, but only one submitted a proposal for a 2 MW on-call
product.  Two other customers indicated they had reviewed the proposal in detail, but
could not design a product that benefited them under the conditions of the RFQ.  We
followed up with about 20 non-responders to evaluate RFQ process and requirements,
and customers’ ability to respond.  We will spend more time working with these
customers to identify opportunities to develop non-residential demand response as a
capacity resource.

What We Learned About the Market
Most of the bids received were supplied by projects powered by natural gas.  PGE sought
contracts or ownership opportunities that provide a range of commitment, from five to
10, through 20 to 30, years.  However, the natural gas market for commodity and
transportation operates in the near term, from two to five years out.  Gas transportation is
likely to continue to be an issue until more infrastructure is constructed, especially as
more power plants and other industrial consumers of the commodity are brought on-line.

Transporting power also affected the scoring of nearly all bids received.  Even though
bidders knew PGE’s service territory was our preferred point-of-delivery (POD), they did
not acquire long-term firm transmission from BPA for their generating projects.  We
confirmed that, in certain cases, firm transmission to our service territory is not available
through BPA’s system.  Transmission and integration constraints significantly affect
wind resources, as discussed above under “What Are Our Transmission Constraints?” in
the “Update of Building Blocks and Signposts” chapter.

Finally, customer participation in firm, dispatchable demand-response programs may
continue to be limited, making this an impractical capacity resource.

Status of Post-RFP Negotiations for Energy and Capacity
On October 21, PGE notified all bidders whether each was on or off the short list.  We
are well underway in negotiations with 11 counterparties regarding 17 proposals.  Short-
listed bids combined represent amounts of energy and capacity resources that significantly
exceed PGE’s resource requirements.  Pursuing negotiations with a short-listed bid pool that
exceeds our resource needs maintains the competitive nature of the resource acquisition
process.
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Our objective continues to be to increase value and decrease costs of selected resources
through the negotiation process.  As we conduct negotiations, we are also performing in-
depth due diligence analysis in the areas of technical, operational, transmission, fuel
source, environmental and other risk elements to ensure the integrity of resource viability
and economics.

For some proposals, we are negotiating in parallel with third-party providers of services
essential to the proposal, such as integration, transmission, ancillary services and natural
gas transportation.  The results of these negotiations will likely affect the viability and
economics of some short-listed bids.  Final agreements for wind projects are contingent
upon an extension of the federal Production Tax Credit.

Negotiations with short-listed bidders are progressing toward closure and we expect to be
in a position to select bids for contract execution by the time we receive OPUC
acknowledgment of our Final Action.  To preserve the viability and economics of certain
high-value bids, we may need to execute some contracts before Commission
acknowledgement if it appears that a delay would endanger the bid.  In the event that
advance transaction execution is necessary, we will advise Commission staff before
proceeding.  As we complete our negotiations and develop final contracts, we will initiate
rate treatment proceedings with the OPUC as appropriate.
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Update on Port Westward

As detailed in our specific energy actions above, PGE proposes to develop a new,
gas-fired CCCT generation plant as a part of our 2002 resource action plan.
Located at our Port Westward site adjacent to our Beaver plant, this plant would
connect directly to our transmission system and use infrastructure, including a
natural gas supply lateral, already in place to serve our existing facility.

This chapter covers the following topics:

 One Unit, G-Class Technology
 Advantages for Customers
 Mitigating Potential Risks
 Why Not Two F-Class Turbines?

One Unit, G-Class Technology
In our 2003 RFP, we listed among our resource alternatives the possibility of
developing one or two “F-class or equivalent” gas turbines at our Port Westward
site (RFP, p. 10).  Since last June, when we issued the RFP, we have continued to
evaluate the G-class turbine technology manufactured by Mitsubishi and
Siemens-Westinghouse.  As a result, we plan to install one G-class unit at the Port
Westward site, but reserve the option of installing F-class technology pending the
outcome of negotiations with manufacturers and EPC candidates..

Our evaluation has been extensive.  Besides spending considerable time with
each manufacturer discussing and evaluating all aspects of their design and
manufacturing criteria and worldwide operating experience, we sent a team to
visit six operating G-class plants and interview plant personnel at these sites.  We
also retained an independent engineer to evaluate the technology against the F-
class technology.

The G-class turbine has been in operation since 1997.  Because G-class turbines
provide a larger plant and newer technology, we also expect the construction
time could be about three months longer than for the F-class.  Due to the
difference in the number of installed turbines, engineering, procurement and
construction (EPC) contractors have less experience in developing the G-class
plants.  On the other hand, the overall construction process and scope are the
same for both technologies.  The primary benefits of the G-class over the F-class
are the increased baseload output capability and the minimum three percent
increase in fuel efficiency and base load plant heat rate.

Both technologies present benefits and risks.  All turbine manufacturers have
continued to make changes in their designs to address problems and to make
improvements.  We expect that the benefits of the increased output and better
fuel efficiency will result in lower prices for customers with the same or better
plant reliability.
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However, recognizing the relatively limited industry operating experience with
the G-class, one of our key deciding factors will be the equipment warranties and
guarantees, and the long-term service agreement, that we negotiate to provide
reasonable protection against material cost increases or decreases in plant
performance.  We will select the technology and manufacturer that provides the
most value in the form of least cost and highest reliability for our customers.

As summarized below, switching to G-class technology would provide a
significant fuel cost benefit for our customers.  Our cost figures are proprietary
pending negotiations with manufacturers, but we are willing to share them with
qualified parties under protective order.

Table 12.  Comparison of F and G Turbine Technology

F Technology G Technology
Capacity with duct firing (MW) 309 400
Energy without duct firing (MWa) 235 350
Capacity, without duct firing (MW) 253 375
Heat Rate, no duct firing 7,090 6,863

Advantages for Customers
Developing a new generating plant provides several clear advantages for our
customers.  Committing to a 30-year resource eliminates the portion of price
volatility that may occur when moving to another expensive resource when a
shorter-term contract expires.  At the same time, this long-term commitment
provides a very attractive heat rate, meaning that the plant would be dispatched
before most other gas-fired resources in the Pacific Northwest.  These facts
dampen rate volatility and lock in for the long-term what today are relatively
low-cost resources, although we are still subject to fuel price volatility.

Reliability of the new plant will likely be high for two key reasons.  First, we will
control operations and maintenance, allowing us to emphasize high reliability
and to enhance the flexibility of operation by allowing us to optimize the value of
the resource to reduce overall cost.  Secondly, because the plant would be
connected directly to PGE’s transmission system, we also avoid certain reliability
issues associated with longer and more congested transmission paths, and the
potential risk of transmission congestion pricing.

The new plant would also take advantage of infrastructure already in place at our
Beaver plant, including the K-B natural gas lateral connection to the Williams pipeline.

While projects in Oregon must make a contribution to mitigate CO2 emissions,
Oregon projects do not pay the 3.85 percent tax that those in Washington pay on
natural gas.  At today’s gas prices, such a tax can add nearly $1 per MWh to the
costs of a project.

For these reasons, building one unit using F-class technology at the Port
Westward location scored among the highest in our 2003 RFP.  The G-class
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turbine improves upon the F-class by virtue of a lower heat rate, lower variable
operating cost and lower installed cost per kW of baseload capacity.  Our recent
experience with scoring our 2003 RFP bids confirmed the findings in our IRP:  a
30-year commitment of a gas-fired CCCT, such as Port Westward, continues to
provide the best price stability at the lowest cost for our customers.

Currently, more than 40 percent of our resources are acquired through contracts
that provide no earnings potential, are imputed by rating agencies as debt, and
provide no value for customers once the contract has expired.  Customers would
have the opportunity to realize the full value of the project for its entire useful
life, as opposed to contract resources that generally provide no additional
economic value after the contract period.  Adding a significant physical resource
also supports company earnings, strengthening our ability to manage financial risk
and keeping our cost of capital lower.

Mitigating Potential Risks
Among the portfolio trade-offs are the risk that a significant equipment failure or
transmission outage could deprive us of the output of the plant for an extended
period of time.  As discussed above, we plan to mitigate these risks by obtaining
acceptable equipment warranty and long-term service agreement terms associated
with our turbine purchase, operating and maintaining the plant ourselves, and by
establishing a suitable planning reserve margin.

Adding another gas-fired plant also increases PGE’s exposure to natural gas
commodity and transportation costs.  While developing two units at Port
Westward scored very high in our RFP process,  we currently plan to build just
one unit, filling roughly half of our energy deficit with long-term gas-fired
generation.  That leaves the remainder to be filled with a mix of resources that
provide more portfolio diversity in terms of fuels, technology and length of
commitment, while preserving long-term fuel options for another planning
period.  We discuss our gas strategy in greater detail in the following chapter.

Why Not Two F-Class Turbines?
Figures 11 and 12, below, show that building two units of Port Westward using
F-class turbines resulted in lower expected costs than one F-class unit.  Since two
F-class units achieved a higher overall score than all but one bid in the RFP, and
that higher scoring bid was withdrawn, why does PGE not propose to build two
F-class units?

There are several reasons why PGE chose not to recommend building two F-class
units.  Some of the reasons relate to the attractiveness of the G-class technology.
Others relate to a portfolio perspective that seeks diversity and flexibility to
provide stability and minimize risk, while still attempting to achieve overall
lowest costs.

Based on substantial research and evaluation, PGE has concluded that a G-class
turbine provides equal or greater reliability for our expected needs than the F-
class machines.  Because the G-class has a better heat rate and cost per kW of
installed capacity, our estimates show the cost per megawatt hour of a single G-
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class unit are better than a plant with one or two F-class turbines.  We have
scored a single G-class unit plant, with a resulting score that is higher than that
for one unit or two units using F-class turbines.

Even if our analyses had shown that two F-class units scored highest, we still
would have asked ourselves whether other portfolios would potentially be more
attractive than an immediate build of both units.  While Figures 11 and 12
measure expected cost of a portfolio and volatility around that expected cost,
they do not account for all business and operating risks, some of which can be
difficult to quantify.  Scoring of the individual bids accounts for some of these
factors.  Some of these considerations include:

 We are trying to limit and mitigate our exposure to natural gas prices and
volatility.  In our proposed incremental portfolio, only about half of our new
resource needs are met with natural gas, and we have preserved an
opportunity to make significant commitments to wind or coal if they are
more attractive than natural gas-fired generation in the future.

 Two F-class units would have left only modest room for a variety of
renewables and other diverse and competitive bids that we received in the
2003 RFP.

 It was important to balance and hedge our supply portfolio by acquiring a
portion of our needs with fixed price offers and a portion having mid-term
tenors.

 We can build a second unit at our Port Westward site, but we do not need to
do it now.

With our proposed resource actions, we have attempted to include as much
diversity as possible while still acquiring a least cost portfolio for our customers.
We believe an incremental portfolio of one G-class unit, plus plant upgrades,
energy efficiency, wind and other third party contracts best enables us to meet
these objectives.
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Natural Gas Outlook and Strategy

To fuel the resource actions contemplated by the Final Action Plan, we would
need to procure and manage up to an additional 69,000 Dth per day of natural
gas, depending on ultimate resource selection.

We contacted industry experts and reviewed various industry sources to assist in
the evaluation of natural gas market forecasts.  This research focused on market
views of environment, technology, industry structure, and inter-fuel competition.

One of the main sources used in performing this research was Cambridge Energy
Research Associates (CERA).  CERA is a leading international advisory and
consulting firm that focuses on energy industry markets, geopolitics, structures
and strategies.  CERA's independent expertise and perspective help clients
evaluate the future of energy markets to make informed strategic, investment, and
market decisions.

This chapter covers the following topics:

 Natural Gas Outlook
 Supplying Natural Gas to Potential Resource Alternatives
 Gas Supply Strategy
 Conclusion

Natural Gas Outlook
PGE used CERA’s New Realities, New Risks: North American Power and Gas
Scenarios Through 2020 as the basis for our evaluation of future natural gas
markets.  In this study, CERA outlined four scenarios that portrayed differing
political, socioeconomic, and environmental influences and their possible effects
on gas prices.  Each scenario included different expectations as to the fundamental
price drivers and the pricing results, but several consistent themes emerged:

 Gas prices remain quite high and volatile in all scenarios – CERA's analysis
supported PGE's forecast of long-term equilibrium Pacific Northwest gas
prices, $4 nominal and up.

 Traditional supplies under severe pressure – Domestic and Canadian gas
supplies are available, and prices over $3.50 will attract non-traditional
supplies, but the cost of extraction is likely high and uncertain.

 LNG imports rise significantly by 25 percent or more per year – LNG has an
edge on Arctic gas due to smaller incremental needs for infrastructure
expansion, plus room to expand shipments to existing terminals.  However,
significant capital investment will be required to develop LNG facilities.

 Infrastructure investment is critical – Major gas pipeline and storage
investments are needed to distribute non-traditional supplies in optimal
timeframes.
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Besides CERA's work, we also extensively reviewed fundamental supply and
demand drivers, such as proven reserves, storage capacity, pipeline capacity,
peak day delivery, exploration and production activity, and others.  The
following summarizes additional insights from this research.

 U.S. and Canadian gas storage flexibility is decreasing – The storage
"cushion" is decreasing because development is not keeping up with demand.
Supply was flexed to its limits in 2002-03, although the winter was not
extreme, and statistically is likely to be worse one of every six years.  Less
storage flexibility implies continued high price volatility.

 Pacific NW gas demand is growing by 2.3 percent per year – The key growth
driver is gas-fired generation, 7.3 percent annually from 2003 through 2012.
Growth in peaking gas resources is not cost-justifying pipeline expansions,
so pipes and storage are unlikely to expand significantly in the near-term.

The result of this study and other analysis is that the market should expect
continuing high prices and volatility because traditional supplies, such as Gulf
gas and Canadian imports, are not expected to keep up with increasing demands
for natural gas.  Therefore, new sources of supply will likely be needed to meet
demand and the majority of these new supplies are expected to be more
expensive than traditional sources.  The cost estimates of the non-traditional
supply sources listed below range widely among analysts.

Table 13.  Anticipated Gas Prices by Source

Resource Anticipated Price
(nominal)

Notes

Deep Gulf gas $2.50+ Declines in traditional Gulf supply
may be offset by more expensive
Deep Gulf gas.  Limited production
increases expected.

Rockies coal-bed
methane

$2.80 to $3.20 100+ TCF* recoverable, but subject to
significant environmental restrictions
limiting drilling, slowing supply
increases.

LNG imports $3.50 to $4.00 Likely supply-demand "balancer."
West Coast appears likely to add a
LNG terminal based on recent
commitments to 20-year supply by big
oil companies.

Additional
Canadian imports

$4.00 All CERA scenarios expect increasing
imports, but unlikely to "solve" North
America supply needs.

Arctic gas $4.00 to $4.75 Pipeline would cost $10 to $20 billion;
sustained high gas prices needed to
justify cost.  On-stream in 2009 or
later.

*TCF:  Trillion cubic feet.
Sources:  CERA, EIA, AGA, Lookout Mountain Analysis, Entergy-Koch,
Marathon Oil.



Natural Gas Outlook and Strategy

67

Supplying Natural Gas to Potential Resource Alternatives
Ensuring reliable energy resources at a reasonable price requires active risk
management of our natural gas portfolio.  Two of the main types of risks
associated with natural gas procurement are price volatility and gas
transportation.  Price volatility reflects the unpredictable movements in the price
of the commodity, while gas transportation risk challenges the reliability of
supply access and deliverability.  The following discussion outlines our strategies
for managing these risks.

Gas Transportation
The goal of managing natural gas transportation is to make available on a firm
basis an adequate supply of natural gas to a generation station to allow for the
dispatch of the plant when it is the least incremental cost resource, and to
liquidate these transportation assets when other lower cost resources are
available.  PGE currently manages 76,000 Dth per day of transport on the
Williams NW Pipeline system (NW Pipe) to supply its Beaver generating plant
and 41,000 Dth per day of transport on the National Energy GTN system for its
Coyote Springs 1 generating plant.

In assessing the cost of gas transportation for various resource alternatives, we
received indicative expansion pricing on the NW Pipe system, along with
indicative prices for released evergreen capacity from existing NW Pipe shippers.
Existing NW Pipe shippers have informally offered released capacity to PGE at
rates lower than expansion rates, but the secondary market for evergreen capacity
rights is limited and subject to increased competition.

Given this limitation on the availability of released evergreen capacity, we are
considering acquiring this secondary market capacity as soon as possible.  We
would acquire an option on up to 69,000 Dth per day of firm gas transport to
ensure access to existing released evergreen capacity.  This would allow us to
optimize fueling options for Port Westward while completing negotiations.

However, if this commitment is made currently, and in connection with the
development of the Port Westward plant, it is likely that we will be required to
take title to the capacity immediately although Port Westward will not be online
until 2006.  This may result in 30 months of additional gross gas transportation
expenses being allocated to Port Westward net of any secondary short-term
capacity release revenues that might be obtained.

Spread over the 30-year depreciable life of the plant, the net cost per year
remains smaller than the annual cost associated with pipeline expansion.
Furthermore, NW Pipe has indicated that a pipeline expansion may delay the
desired online date of Port Westward, because expansion would likely require at
least 27 months due to permitting and environmental restrictions on construction.

Proposed Gas Transportation Actions
We plan to acquire additional gas transportation for the full capacity of the Port
Westward plant currently to take advantage of evergreen capacity release pricing.
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As mentioned above, this saves the price differential between expansion capacity
and released capacity while ensuring that capacity is available upon commercial
operations of the plant.  For gas transportation requirements associated with other
potential short-listed resources that require PGE to supply gas, we plan to execute
transport commitments simultaneously with the execution of the respective energy or
capacity purchase agreements.

Gas Supply Strategy

As discussed above under “Natural Gas Outlook,” the forward forecast for
natural gas indicates supply availability but with continued price volatility.
PGE’s existing natural gas fired resources require approximately 159,000 Dth per
day of gas at full dispatch and is managed daily to capture the value of the plant
heat rates as compared to the market clearing price for electricity.  We are one of
the largest consumers of natural gas in the Northwest and have managed a
portfolio of this size for over eight years.  Adding a Port Westward type plant or
gas tolling resource to our portfolio would increase these volumes by up to
69,000 Dth per day.

In managing the price risk associated with these gas volumes, we use our access
to the physical and financial gas markets to hedge and limit our exposure to price
volatility.  We will use such market instruments as forwards, swaps, options and
futures contracts to accomplish this goal.  These instruments are executed for
varying periods and are subject to counterparty-to-counterparty credit limitations.

To determine the volume of our gas requirement to hedge on a forward basis, we
segment the market into three time frames and assess the pros and cons of each
tenor (contract length).  A summary of these tenors and their characteristics are
listed in the following table.

Table 14.  Natural Gas Pros and Cons by Tenor

Tenor Pros Cons
Long-term (10+ years)  Price certainty.

 Supply certainty.
 Premium over

fundamental
forecast prices.

 Working capital
requirements.

 Lack of liquidity.
Medium-term (3-9
years)

 Price certainty.
 Supply certainty.
 Lower premiums

than long-term.

 Premium over
fundamental
forecast prices.

 Reduced liquidity.
Short-term (<3 years)  Liquid market –

NYMEX actively
traded in this period.

 More flexibility.

 High price volatility;
higher earnings
volatility.

 No long-term supply
certainty.

Ultimately, a combination of contract durations is likely to result in the best
overall mitigation of volatility while limiting the premium paid to "lock in" the
price of gas.  Also, multiple contract durations will help to minimize the cost of
credit performance assurance.  For example, a 10-year purchase agreement for
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10,000 Dth per day could expose the purchaser to a credit performance assurance
call of $9.1 million if the market moved against this contract by $0.25 per Dth for
its entire term.  Multiples of the $9.1 million call would be incurred on price
movements greater than $0.25 per Dth.

Beaver Plant
As an intermediate-duty plant, Beaver's gas needs depend on the interaction of
gas and power prices.  During 2003, due to high gas prices and the addition of
new, efficient baseload plants to the market, Beaver’s heat rate remained above
the market clearing heat rate more than 75 percent of the time, idling the plant
during those periods.  Our analysis indicated that Beaver will be economic
approximately 45 percent of available hours in future years.  As a result,
acquiring long-term baseload supply is not ideal for managing Beaver’s fuel
requirements as compared to the flexibility of short-term markets.  By acquiring
Beaver’s fuel in the short-term market, we can dispatch the plant only when the
economics of doing so would produce a positive margin or provide for system
reliability.  Our procurement strategy for Beaver includes the following
considerations:

 Entering into financial instruments that swap out indexed short-term price
exposure for fixed prices in advance of each annual regulatory power cost
filing or Resource Valuation Mechanism (RVM), shaped by expected
monthly plant dispatch.

 Acquiring physical supplies secured at index in the month-ahead markets.
 If supply is of concern, acquiring physical gas up to two years in advance.

Coyote Springs 1, Port Westward and RFP Resource Alternatives
If the Port Westward plant is added to PGE's gas supply portfolio, the portfolio
would include two low heat rate baseload plants, Port Westward and Coyote
Springs 1.  We plan to purchase sufficient gas to support operation of these two
plants at 80 percent capacity factors.  We will then purchase gas in the spot
market during times when it is economically advantageous to operate plants
more, and sell gas into the spot market during times when it is economically
advantageous to operate the plants less.

To manage the supply risk associated with our existing baseload plant and
evaluate market alternatives, we issued an RFP for long-term natural gas
concurrently with our 2003 RFP for energy and capacity resources.  Of the 50
counterparties that received the Gas RFP, only 20 percent responded, providing
pricing for various Pacific Northwest locations for sales up to 10 years long.
These results were incorporated into the long-term gas forecast prices used to
evaluate gas-fired bids received in response to our RFP for energy and capacity.
As discussed above in “Requests for Proposals – Electricity, Capacity, Gas,” we
gained several insights from the gas RFP:

 No producers and few counterparties were interested in providing long-term
offers.
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 Many indicated that the working capital requirements, credit exposure, and
Value At Risk (VAR) associated with long-term deals made offers greater
than 10 years unfeasible.

 A majority of the responses that were received were for financial, rather than
physical, gas.

 Average 10-year prices were $4.18 at AECO and $4.50 at Sumas.

Because of the lack of liquidity in longer-term gas markets, and the price
premiums and credit requirements needed to lock in long-term fixed gas prices,
we do not plan to hedge any portion of our baseload gas requirement in the
longer-term markets.  Instead, we plan to diversify our gas supply by medium
and short-term tenor, layering in our purchases and utilizing market storage.  Of
the anticipated 88,000 Dth per day expected average gas requirement for Coyote
Springs 1 and Port Westward, we would target layering in gas procurement for
the tenors shown in the following table.

Table 15.  Tenor Diversification of Baseload Gas Supply

Tenor Avg. Daily Demand
(Dth), based on Est.

Capacity Factor

Ratio (%)

Medium-term (3 to <10
years)

40,000 45

Short-term (<3 years) 48,000 55
Applies to Coyote Springs 1 and Port Westward.

This approach allows for diversification of price risk away from short-term
adverse price movements by layering purchases with longer durations into our
portfolio.  A mix of medium and short-term contracts also allows us to stagger
the expiration dates of contracts, so renegotiations do not all occur at one time.
This will reduce the likelihood that we will have to renegotiate significant
quantities of gas supply during an aberrant price spike, as we observed in 2000-
01.  Our plan calls for a mix of contract durations, i.e., some five-year, some 3-
year, etc., allowing flexibility to buy or sell additional supply in this ever-
changing market.

By adding market storage capacity to this strategy, we will be able to procure and
store gas during times of lower market prices and avoid extreme short-term
market volatility.  Storage also increases reliability by providing a diversification
of supply points, so that price spikes in isolated markets have a smaller impact on
the cost of our power supply.  Furthermore, storage is available after gas markets
are closed, allowing flexibility to react to significant intra-day power price or
demand increases.

Execution of this strategy depends on the following circumstances:

 Regulatory review and Commission acknowledgement.
 Availability and pricing of market storage and gas transport.
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 Relaxed credit margining requirements, resulting from counterparty
negotiations.

 Liquidity of mid-term markets.
 Counterparty credit limits.

Other strategic considerations include:

 Supply point diversity – Pipeline assets allow supply from multiple points of
delivery.

 Credit – Establishing diversity of counterparties so we can diversify credit
exposure.

Conclusion
Many analysts, including CERA, agree that gas prices are likely to remain high
and volatile but that the supply will be available.  We plan to acquire a mix of
market storage and transportation to mitigate price volatility and ensure firm,
reliable service to existing and new gas-fired projects.  We will procure gas
supply for existing and proposed baseload plants, i.e., Coyote Springs 1 and Port
Westward, if developed, and tolling generation in a combination of the short-
term and medium-term markets.

The fuel requirements for intermediate-duty resources, such as fueling our
Beaver plant and any tolling agreements, is best managed in the short-term
markets.  Implementing these recommendations depend on several crucial
factors, such as being able to obtain released capacity while it is available,
successful negotiation of a gas storage agreement, Commission approval of an
option on existing transport capacity besides gas transport costs beginning in
2004, and relaxed credit margining requirements.  Expedient resolution of these
issues is critical to the success of this strategy.
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Portfolio Analysis

This chapter describes our portfolio analysis, which evaluates our existing long-
term resources in conjunction with various trial plan portfolios of new resources,
including our short-listed RFP bids and self-build options at our Port Westward
site.  Topics include:

 Description of Stochastic Modeling
 Bookends Analysis
 Portfolio Analysis
 Gas and Other Risk Exposures
 Conclusions

Within the context of our existing, well-diversified supplies, portfolios formed
from the short-listed bids received through our 2003 RFP fall within four
“performance” zones.  Three of these zones are fairly close in price and none
yields a clear price risk reduction.  Key considerations of resource diversity and
non-price factors do not lend themselves well to optimization modeling.

Description of Stochastic Modeling
To model portfolios of short-listed resources we used the Transition Cost Model
(TCM) that provided the analytical basis for our IRP and Supplement.  We
replaced the quasi-stochastic electricity price with true stochastic pricing for
electricity and natural gas.  We measured the performance of each portfolio by
running 100 iterations of electricity and natural gas prices, and averaging the
effect on the average cost for customers (Net Present Value of Revenue
Requirements or NPVRR).  We calculated price risks using the Rate Variability
Index (RVI) of our IRP; the higher the RVI, the riskier the portfolio.

The following table compares parameters of the deterministic inputs (point
estimates) with the stochastic input parameters of the 100 iterations performed.

Table 16.  Comparison of Price Parameters for Stochastic Modeling

Mid-C Electricity
(2003 mills/kWh))

Sumas Gas
2003 ($/MMBtu)

Point Stochastic Point Stochastic

Mean Price 43.2 43.3 3.6 3.6

Standard Deviation 7.8 34.1 0.5 1.6
Volatility Increase 437% 320%

In our model, the long-term mean of the stochastic prices equaled the long-term
mean of the deterministic prices.  As shown in Table 16, even our point estimate
or deterministic result displays some price volatility.  This is due to normal
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seasonality of prices plus the annual changes based on inflation and other factors.
Assuming a CCCT with a heat rate of 7,000 Btu/kWh-HHV, one standard
deviation of gas price change would change the cost of electricity by 11 mills.
For a plant with a heat rate of 10,000 Btu/kWh-HHV, the cost of electricity
would change by 16 mills.  If the electricity price were fully correlated to the
change in gas price, gas would account for between one-third and one-half of
electric price volatility.

However, based on the historical statistical analysis, the electricity price also has
about a 75 percent correlation to gas prices over time.  In total, only 25 to 37
percent of the variance in electric market prices is tied to changes in gas prices.9
This further assumes that all daily power is fueled by daily spot natural gas.  We
intend to acquire most of our supply in blocks well in advance of our need,
further reducing volatility beyond what we have modeled.  That means the gas
price volatility in the results shown below is likely to be materially overstated.

A final relationship to note is that, based on the historical statistical analysis,
electricity prices in the current month have an 80 percent correlation to the
electric price from the prior month.  The practical effect of this relationship is
that the cyclical behavior of prices is maintained.

Appendix 3 illustrates the deterministic gas and electric prices that we assumed,
and provides an example from one random stochastic draw on electric and gas
prices.  The distributions, auto-correlations, and cross-correlations of gas and
electric prices were developed based on daily historical analysis and statistical
“best fit” from daily data covering 1995 to 2001.

Bookends Analysis
To validate results of the more finely-tuned differences among our trial portfolios
constructed from short-listed bids, we performed a “bookends” analysis that
involved constructing hypothetical incremental supply portfolios composed
entirely of a given resource type.  The hypothetical portfolios included a “do
nothing” base, which relies entirely on 650 MWa of new market purchases, 650
MWa of CCCT generation, either owned or tolling, 650 MWa of coal, and 650
MWa (2,150 MW constructed capacity) of new wind.  These portfolios assume
that transmission, fuel, and similar real-world constraints do not exist and are
priced based on RFP bids for these technologies, as though they could be scaled
up.  The objective was to see how expected costs and cost volatility varied
among these basic alternatives.

While electric market and gas prices were treated probabilistically within our
modeling, as described above, coal and wind were not.  Instead, these fuels were
handled as fixed price commitments for modeling purposes.  Coal is modeled
based on our Boardman plant, and has a higher fuel cost compared to mine-
mouth coal, but lower variable transmission charges.  This causes coal to
economically dispatch.  For pricing coal, we included a basic scenario without a
CO2 tax and another assuming a $10 per ton carbon tax.

                                                     
9 Percentages calculated as:  75% X 33%.
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Production from wind was treated as though it is known and fixed.  In reality,
wind supply is highly variable and, in quantity, must further be backed by
dispatchable gas generation, with its volatile gas price.

We used the stochastic gas and electric prices discussed above in conducting this
analysis.  The results of this “bookends” analysis are presented below.

Table 17.  Bookends Analysis, All Portfolios Acquire 650 MWa

Spot
Market

Natural
Gas

Coal Coal
$10/ton
CO2 tax

Wind

Expected NPVRR ($ million) $7,943 $7,549 $7,623 $8,110 $8,044
Expected RVI (%) 101% 40% 22% 24% 25%
95% Confidence Interval of RVI 172% 62% 37% 37% 36%

In the long run, relying on the market may be more costly and is more volatile
than any of the longer-term supply alternatives.  CCCT generation is less volatile,
because the volatility is limited to the lesser movement of gas prices compared to
electric prices.  Coal has a slightly higher expected price compared to gas,
assuming no CO2 tax, and a higher price including the tax.  However, price
volatility is further reduced.  Finally, wind is more costly on an expected basis,
before Energy Trust subsidy, than are gas and coal.  Wind does not reduce price
volatility compared to coal, because they are both treated as fixed price supplies.

Adding the probabilistic nature of wind supply would make this resource more
volatile than coal, and would make it look more like natural gas.  Compared to
gas, wind is more costly on an expected basis because of higher transmission and
integration costs, and because gas is dispatchable and can be switched off to take
advantage of lower market prices.

Each basic supply alternative has its own unique set of benefits and risks.  No
one technology or fuel has a clear advantage in terms of both expected price and
price volatility.  Indeed, the results are clustered, which is not surprising given
the competitive markets of supply, demand, and fuel substitution.  The analysis
supports the conclusion that the best portfolio is one that is diversified.

Portfolio Analysis
We constructed 26 different portfolio combinations plus a “do nothing” case as
defined in Appendix 4.  All portfolios met the criteria described above for
diversification of fuels and technologies, and each has two or more of the bids
short-listed in our RFP process.  All portfolios included at least 27 MWa (75
MW) of wind.  For modeling purposes, we assumed that all the bids for
renewable resources would benefit from the $18 per MWh production tax credit,
and that the Energy Trust will allocate $10 million to make the wind projects
more competitive with non-renewable resources.  Some portfolios included fixed
price contracts or gas tolling.  Some portfolios did not contain the proposed Port
Westward plant, while others included one F-class unit.  Still others included two
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F-class units.  Finally, we included a few portfolios using one G-class unit.  All
portfolios contained a mixture of 5-, 10-, 20-, and 30-year deals.

The horizontal axis measures the expected cost of the portfolios, i.e., the long-
term NPVRR.  The vertical axis shows the RVI as a measure of the worst annual
rate change in the timeframe analyzed.10  The closer a portfolio is to the origin, the
lower its cost and risk.

In Figure 11, we assumed that expiring resources are replaced by spot
market purchases.  This modeling approach captures the economic risk of
having to re-negotiate contracts in the future, but does not quantify the
option value of having the choice of selecting new technologies or fuel mix.

As a result, portfolios with a larger share of short-term bids show a higher
risk than portfolios with a larger share of ownership resources or long-
term commitments.  Portfolios with one G-class unit at Port Westward
(Nos. 23, 24, and 27) and with two F-class units (Nos. 20 and 21), show
either lower cost or lower risk than other portfolio.

Figure 11.  Stochastic Results, Filling from Spot Market

                                                     
10 See our 2002 IRP, p. 186, for a detailed explanation of evaluating price stability for our customers.
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Figure 12 assumes that when a bid expires before the 30-year horizon of our
analysis, we replaced it with a generic gas tolling agreement.  This modeling
approach smoothes the artificial exposure to market risk of portfolios with a
higher percentage of short-term bids  The NPVRR did not materially differ
between these approaches.

Figure 12.  Stochastic Results of Portfolio Modeling

Results fell into four zones, as described below.

 Do Nothing.  First, in a zone clearly distinct from the others, was the “do
nothing” case that relied entirely on market purchases.  This case was clearly
the most expensive on an expected cost basis, and more volatile, since the
entire incremental portfolio relied on the comparatively highly volatile
electric spot market.

 No or One F-Class Unit at Port Westward.  The next zone captured the
majority of our portfolios – those that did not develop a new Port Westward
plant, or that developed only one unit at that site.  These were both less
costly and less volatile that the “do nothing” group.

 Two F-Class Units at Port Westward.  The next zone, which contains trial
portfolios with two F-class units, was still less expensive.

 One G-Class Unit at Port Westward.  The final zone included developing
one unit at our Port Westward site using a G-class turbine.  Because G-class
technology is still lower in cost than using an F-class turbine, portfolios with
this technology proved to be less expensive, all else being roughly equal, on
a cost per kWh basis.  Cost and risk performance of the three portfolios in
this zone are similar.

However, the portfolios with a G-class Port Westward turbine are similar in
price risk to those with no Port Westward project, or with one F-class turbine
at the site.  Our modeling indicates that, while it is possible to construct
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portfolios that probabilistically yield a lower expected cost than other
portfolios, little reduction in price volatility risk can actually be achieved.

Our analysis identified Portfolios 23, 24 and 27 as the best performing from a
cost and price risk perspective, and No. 27 represents the actions described in
our Final Action Plan.  They all have one Port Westward G-Class unit and the
same amount of fixed price PPAs.  They differ in the remaining mix between
renewables and gas tolling.  The final choice will depend on PGE’s ongoing
negotiations with bidders and the Energy Trust.

We did not include capacity resources in our portfolio analysis.  The purpose of
the analysis was to evaluate combinations of energy resources.  Further, capacity
proposals received through the 2002 RFP were not notably diverse, limiting the
usefulness of a capacity portfolio analysis.

Gas Sensitivity and Portfolio Results
Since our RFP process, the EIA published gas price projections to 202511.
Starting in 2010, these new projections are somewhat higher than PGE’s prices
assumed for the selection of RFP bids, and for the portfolio analysis reported in
Figures 11 and 12.  Overall, from 2007 to 2025, the last year forecasted by the
EIA, PGE’s prices are about $0.22 per MMBtu lower than the EIA’s new price
forecast.  PGE and our IRP participants agreed to test a “high gas price” scenario
that keeps PGE’s higher prices from 2004 to 2012, and shifts to the EIA forecast
after 2012.  Figure 13, below, summarizes the performance of all portfolios with
higher gas prices.

Figure 13.  Gas Sensitivity Analysis, Portfolio Performance

                                                     
11 See Appendix 3 for a detailed comparison of the gas forecast used in the RFP process and the new EIA
forecast.
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Results fall in the same four zones identified above, with portfolios containing
one Port Westward G-class unit – Portfolios 23, 24 and 27 – outperforming all
others.  These portfolios cluster from a cost and risk perspective.  Higher gas
prices reduce the cost disadvantage of renewables and stress the advantage of the
more efficient G-class turbine technology.

Gas and Other Risk Exposures
A significant element of our Action Plan is the development of a CCCT at our
Port Westward site.  This would materially change our gas specific, and
combined gas and electric, price risk exposure.  Adding a CCCT would increase
our gas-specific risk exposure.  However, this must be considered in the context
of our existing deficit position.  Adding a portfolio of resources that included a
CCCT would bring us roughly into energy load-resource balance.  From the
combined gas and electric price risk perspective, adding a CCCT and other
resources would decrease our overall exposure.

If we made our proposed plant upgrades and considered the Confederated Tribes
contract extension, but made no RFP-related resource acquisitions, by 2007 we
would have an energy deficit of more than 500 MWa.

Our modeling indicates that, in these circumstances, if gas prices increased by 25
percent,12 but electric prices did not increase, our annual power costs would
increase by approximately $30 million.  This is largely due to increased fuel costs
for our existing Coyote Springs 1 and Beaver plants, although our modeling also
notes that these units would dispatch less, and power purchases would increase.
If electricity prices also increased by $7 per MWh, power costs would increase
by an additional approximately $54 million, or $84 million in all.  This large
increase is due to the increased cost of market electricity purchases to fill the
energy deficit of more than 500 MWa.

If we acquired a portfolio of somewhat more than 500 MWa of energy resources,
including an approximately 300 MW (with duct firing) F-class unit at Port
Westward, our gas-specific, and potential combined gas and electric, risk
exposures would be $43 million and $63 million respectively.  Acquiring this
portfolio, rather than taking no action, would increase our annual measure of gas
specific risk by $13 million – from $30 to $43 million – as high gas prices would
increase the fuel costs of the F-class unit as well as those of our existing gas-fired
plants.

However, if electric prices also increased, our annual measure of risk would
increase by only an additional $20 million, to $63 million.  By this measure,
acquisition of a portfolio that included an F-class unit would decrease annual risk
exposure by $21 million, from $84 million to $63 million.  This is largely due to
being in energy load-resource balance, rather than having a deficit of more than
500 MWa.

                                                     
12 $1.00 per MMBtu if base gas price is $4.00.
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If, instead, we acquired a portfolio of approximately 600 MWa of energy
resources, including an approximately 400 MW (with duct firing) G-class unit at
Port Westward, our gas specific, and potential combined gas and electric, risk
exposures would be $48 million and $61 million respectively.  Acquiring this
portfolio, rather than taking no action, would increase our annual measure of gas
specific risk by $18 million, from $30 to $48 million, as high gas prices would
also increase the fuel costs of the G-class unit.

However, if electric prices also increased, our annual measure of risk would
increase by only an additional $13 million, to $61 million.  Acquiring a portfolio
that included a G-class unit would decrease our measure of annual exposure to
combined gas and electric price risk by $23 million, from $84 million to $61
million.  This is largely due to having an approximately 70 MWa long energy
position, rather than an energy deficit of more than 500 MWa.  With expected
load growth, this moderate long position would turn to approximate balance in
2008.  So, while our Action Plan does entail an increase in gas-specific risk
exposure, it significantly decreases overall exposure to combined gas and electric
risk.

The following table summarizes our measures of expected gas and combined gas
and electric price risks for various energy resource strategies – taking no actions,
or adding resource portfolios, including either an F or G class CCCT at Port
Westward – that would bring us into rough energy load-resource balance.

Table 18.  Power Cost Deltas From Base Gas and Electric ($000,000)

Do Nothing Add Portfolio
With PW F

Add Portfolio
With PW G

High gas, base electric 30 43 48
High gas, high electric (+7) 84 63 61

The table summarizes the two principal conclusions of this section.  First,
our Final Action Plan calls for the addition of a portfolio including either
an F- or G-class CCCT.  The first row of the table indicates that this will
increase gas specific risk exposure.  Fuel costs could increase for more
gas-fired units.

However, gas price movements do not occur in isolation.  When we
consider the combined gas and electric price exposures, it is clear that our
recommendation to achieve rough energy load-resource balance by adding
a portfolio of resources that includes either an F- or G-class CCCT
decreases risk.  The second row of the table illustrates this conclusion.

Conclusions
All trial portfolios are closely clustered in terms of price risk, while expected
costs reflect the pricing of their dominant new resources.  It is not adequate
solely to consider expected price and volatility of price.  A host of diversity and
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non-price considerations must be taken into account.  For instance, if we could
construct a portfolio composed entirely of fixed-price bids, it would clearly
minimize incremental price volatility, but at the cost of fixed price exposure
which could subsequently prove to be more expensive than short-term purchases.

Our Final Action Plan acquires some long-term CCCT production, the output
from at least one wind proposal, and a mix of five- and 10-year fixed and
variable-priced bids.  This selection will provide diversity, while acquiring
proposals that scored best and are expected to be least cost.
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Appendix 1 – Load-Resource Balance Details

Table 19.  2007 Load-Resource Balance Details

Annual 
Average 

Energy

January 
Peak 

Capacity
MWa MW  

Plants
Boardman 314 362
Colstrip 263 296
Beaver 398 500
Coyote 207 245
Oak Grove 27 42
North Fork 27 40
Faraday 23 32
River Mill 13 18
Bull Run 6 15
Sullivan 9 14
Round Butte 77 220
Pelton 32 73

Total Plants 1,397 1,857

Contracts
Wells 94 137
Rocky Reach 87 136
Wanapum/Grant PUD Settlement 140 205
Priest Rapids 0 0
Canadian Entitlement Ext. -16 -27
Portland Hydro 10 20
Vansycle Ridge 8 8
WWP Capacity 0 150
EWEB Capacity 0 10
Ogden Martin 9 16
Glendale Long-Term Sale -20 -20
Glendale Exchange 0 30
Chelan Exchange In 7 0
Chelan Exchange Out -8 0
Wells Settlement Agrmnt. 11 11
Tribes 0 0
Cove Replacement -1 -1

Total Contracts 322 675

Total Resources 1,719 2,532

Total Load 2,502          3,984
Customers Leaving COS (5-yrs opt-out) (10)              (11)              
12% Reserve Margin in IRP -              470

Total COS Load 2,492          4,442          

Resources Gap 773             1,910          

Numbers may not foot due to rounding
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Appendix 3 – Price Forecast and Stochastic Modeling

We updated PGE’s forecast of natural gas and electricity prices, as recommended by
OPUC Staff in their March 21, 2003 comments to our 2002 IRP.  For natural gas, we
changed our forecasting methodology and relied on the following items:

 Response to our 2003 natural gas RFP, for years 2003 to 2009.
 NWPCC forecast after 2009.13

The following figures show the effect on prices of the update:  AECO and Sumas hub
prices are substantially higher than what we assumed in our Supplement for the years
2005-10, and five to seven percent lower after 2011.  We used these prices as inputs in
the analysis for scoring RFP resource bids, and in the models used for portfolio analysis
of the short-listed bids.

Figure 14.  Natural Gas Price Forecasts (Sumas hub)

                                                     
13 Northwest Power and Conservation Council, Fuel Price Forecasts for the Draft Fifth Northwest Conservation
and Electric Power Plan, April 22, 2003.
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Figure 15.  Natural Gas Price Forecasts (AECO hub)

In January 2004, the Energy Information Administration (EIA) a branch of the U.S.
Department of Energy, published its Annual Energy Outlook with revised projections for
natural gas14.  The EIA does not forecast wellhead prices at Sumas and AECO but these
can be estimated by using the projections for Rocky Mountain and applying regional
basis differentials.15  The Oregon Department of Energy encouraged PGE to compare the
gas forecasts used in the RFP and in the IRP Action Plan to the most recent estimate of
the EIA.  Figure 16, below, compares the two sets of forecasts.

As shown in Figure 16, PGE’s prices are higher in the mid-term (2004 to 2011) and
lower after 2011.  On a real levelized basis for the period 2007-2025, EIA's new
projections are about $0.22 per MMBtu higher then PGE’s.  We agreed to perform a
sensitivity analysis to assess portfolio effects of using the higher gas projections.  The
results are shown in Figure 13 of the “Portfolio Analysis” chapter, above.

                                                     
14 Annual Energy Outlook 2004 With Projections to 2025,  January 2004, Energy Information Administration.
15 Based on market quotes for 2006, we adopted a price differential of $0.12 per MMBtu between Rockies and
Sumas.
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Figure 16.  Comparison of Sumas Hub Gas Prices

We used the gas forecast described above in Figures 14 and 15 to develop projected
annual average electricity prices at the Mid-Columbia hub.  We used a CCCT as the
incremental unit setting long-term electricity prices in the Northwest (Supplement, p. 61),
and used its fully-allocated cost for 2007 through 2022.  After 2022, prices grow with
inflation.  Electricity prices before 2007 match the forward curve.
Figure 16 compares the expected flat annual prices for Mid-Columbia used in the
Supplement with those used for this Action Plan.  The updated prices at the Mid-
Columbia hub are expected to be higher for 2007-11 because of higher forecasts for gas
prices.  Starting in 2012, however, the long-term price for electricity is not significantly
different from what was projected in the Supplement.  Higher gas and electricity prices for
the 2007-11 period increase the cost of gas-fueled resources and power purchases indexed
to market.  Nonetheless, new CCCT generation remains economic over its book life.
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Figure 17.  Electricity Price Forecast (Mid-Columbia Hub)

Once we developed the deterministic forecast of gas and electricity prices, we computed
monthly averages using monthly shaping factors.  We then analyzed potential volatility
for those monthly averages based on the historical behavior of prices.  We calculated
monthly volatility factors and used them to induce volatility for the monthly deterministic
prices of electricity and natural gas.  We assumed that electricity prices will continue to
be capped at $250 per MWh (real), and did not assume a price cap for gas.

The characteristics of our stochastic model include:

 The average of the stochastic prices equals the deterministic prices for electricity and
gas.

 Natural gas is substantially less volatile than electricity, contributing about one-third
of the electric market volatility.

 Gas is about 75 percent correlated to electricity.
 Electricity is about 80 percent correlated to itself from month to month.
 Even with deterministic pricing, seasonal and annual volatility exists, but is relatively

small.
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Figures 17 and 18, below, show the difference between deterministic prices and one of
the 100 simulations used for the stochastic analysis.

Figure 18.  Comparison of Monthly Gas Prices (nominal $)

Figure 19.  Comparison of Mid-Columbia Monthly Flat Prices (nominal $)
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Appendix 5 – Energy Efficiency Savings

Table 22.  Verified PGE Programmatic Energy Efficiency Acquired Since 1991 (MWa)

Table 23.  Average Annual Energy Trust Energy Efficiency Acquisitions (MWa)

PGE Verified Programmatic Energy Efficiency Acquired Since 1991 - MWa 

1991 1992 1993 1994 1995 1996 1997 1998 1999 2000 2001 2002
Residential 1.9         3.8         7.4         6.7         4.4         0.9         1.1         0.4         1.3         0.4         11.4       4.7        
Commercial 2.1         4.0         5.3         6.6         8.8         4.1         1.8         1.1         1.9         2.1         6.5         0.4        
Industrial 0.5         0.7         2.6         3.7         2.9         4.1         3.5         1.1         2.4         1.8         3.4         0.0        
Total 4.5         8.5         15.3       17.0       16.2       9.1         6.4         2.5         5.6         4.3         21.4       5.1        
Cum. Total 4.5 13.0 28.3 45.3 61.5 70.6 77.0 79.5 85.1 89.5 110.8 115.9    

Annual Average 9.7        
Source:  SAVE Filings & EE Annual Reports
Note:  These incremental savings are embedded in the regressions for the post-2003 load forecast.

ETO Avg. MW actually occurring in each year (cumulative), assuming a flat load shape, for PGE

2005 2006 2007 2008 2009 2010 2011 2005-2007 Avg.
Cumulative Total 19.9 36.7 52.8 68.2 83.8 99.7 115.8
Incremental at Meter 13.4 15.1 14.5 13.9 14.1 14.4 14.5 14.4
Incremental at Busbar 14.2 16.1 15.4 14.8 15.0 15.2 15.4 15.2

Note:  These represent total "conservative" ETO program savings, PGE share, based on PGE share of load.
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Appendix 6 – PGE’s Responses to Data Requests

Provided under separate cover.

Attachment 001-A is confidential and proprietary and subject to the OPUC
Protective Order Nos. 02-699 and 03-300.
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Appendix 7 – PGE’s Responses to Participant
Comments

Provided under separate cover.


